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ABSTRACT 

In this dissertation, experimental studies were conducted to evaluate the impact of 

the fracturing additives on the fracture and near fracture face matrix of shale and low 

permeability sand formations. A simulation study was also conducted for optimizing of 

fracturing design to mitigate the problems of polymer adsorption and fluid blocking.  

New equations were developed for optimizing of fracturing additives based on the 

fluid shear rate and permeability during pumping. In comparison to the traditional “loss of 

fluid viscosity concept,” the new equations were more accurate and more representative of 

the damage in the fracture. Moreover, the new equations showed indicators about the 

impact of the fracturing additives on the fluid shear rate and fracture permeability. 

Flooding and spontaneous imbibition experiments, and analytical and simulation 

modeling were all integrated to evaluate the impact of the fracturing additives on the 

petrophysical properties of shale and low permeability sand samples. The results showed 

that for the low permeability sand samples, the polymer adsorption significantly reduces 

the brine permeability and fluid imbibition rate. However, the impact was less on the shale 

samples. Furthermore, the polymer adsorption led to a slight increase in capillary pressure. 

The non-ionic surfactant and dilute HCl acid improved the brine permeability and fluid 

imbibition rate. However, HCl treatment was affected by iron and polymer precipitates.  

The simulation study showed that the high shale capillary pressure could cause no 

fluid flowback from near fracture face matrix. The study recommended a dilute HCl acid 

in the pad stage, and little well shut-in times. For shales with moderate capillary pressure, 

considerable fluid flowback from near fracture face matrix occurs. A non-ionic surfactant 

and long well shut-in time are recommended for the fracturing design. However, to 

minimize the fluid loss during pumping and to overcome the problem of fluid blocking, it 

is recommended to use a friction reducer fluid in the pad stage while injecting a non-ionic 

surfactant or dilute acid during the subsequent fracturing steps. Finally, the fluid flowback 

was less for the cases of low reservoir pressure, incomplete fluid degradation, the presence 

of natural fractures, and permeability jail occurrence in the near fracture face matrix. 
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CHAPTER 1 

INTRODUCTION 

Shale gas formations must be hydraulically fractured to flow at economic gas rates. 

Without fracturing, the gas from these reservoirs will be produced at low rates. The process 

of hydraulic fracturing is one of the most common well stimulation methods in which fluid 

is pumping at a high rate and pressure. In the industry, the fracturing fluids are categorized 

as either conventional fluids (water-based polymer system) or unconventional fluids. The 

main advantages of the conventional fluids are their low residue in the fracture, excellent 

rheological properties, and inexpensive base water. However, the main disadvantage is the 

fracture and formation damages caused by these fluids. The common formation damages 

include clay swelling and dispersion, and water blocking. The tight gas reservoirs are 

commonly water-wet and under-saturated where the initial water saturation is less than the 

capillary equilibrium irreducible water saturation (Satya Gupta 2009). Therefore, using 

water-based conventional fracturing fluids causes the water to be trapped in the near 

fracture face matrix, thereby significantly impairing the gas flow. One more disadvantage 

of the conventional fracturing fluids is the polymer adsorption in the fracture face and near 

fracture face matrix.  

The first fluid pumped during fracturing treatment is called “prepad.” The goal of 

injecting a prepad is to break down the formation and to allow fracture initiation. Typically, 

a single fracture is created that propagates in two identical wings. However, in such cases 

as naturally fractured formations, it is possible that multiple fractures are created from the 

two fracture wings evolving some microfractures away from the main fracture. The prepad 

has low viscosity; moreover, it does not contain any proppant. Typically, the prepad 

includes HCl acid to lower the compressive strength of the rock near the wellbore, remove 

drilling and completion damages, dissolve the minerals and debris around the perforations, 

and enhance the microfractures’ connectivity by dissolving the calcite (Fontaine et al., 

2008). The effect of acids in reducing the compressive strength of the near wellbore rocks 

helps in reducing the formation breakdown pressure and surface injection pressure. During 

fracturing job of Woodford shale in South East Oklahoma, injection of thin fracturing fluid 



Texas Tech University, Aymen Al-Ameri, August 2019 
 

 
 

2 

results in high pumping pressure and low injection rate. However, the injection pressure 

dropped dramatically when volumes of various types of acid systems are pumped down 

and hit the perforations (Grieser et al., 2007). However, the acid adjusts the pH in the 

wellbore to values lower than 7.  

The fluid that follows prepad is called “pad.” The pad could be slickwater or a more 

viscous fluid and commonly does not contain proppant. The pad causes the fracture to 

propagate deeper into the formation. However, the main purpose of the pad is to create a 

fracture with adequate width to accept the proppant and to provide enough fluid volume 

within the fracture to account for the fluid loss throughout the entire treatment. Another 

important aspect for the pad is to adjust the pH in the wellbore to values higher than 7 if a 

crosslinked fluid is planned to be injected in the following fracturing stages.  

The subsequent fracturing stages (main treatment) following the pad contain 

varying concentrations of proppant. Proppant-Laden fluid is commonly called “slurry.” 

Typically, fluids with low proppant concentrations are injected first, and then the proppant 

concentrations are increased gradually for successful placement of proppants. As the 

proppant-laden fluid moves toward the tip of the fracture, some of the fluid is leaked off 

into the formation causing a near fracture face matrix damage and an increase in the 

proppant concentration within the fracture. The fluid used in the slurry can be of many 

types, including slickwater, linear gel, crosslinked gel, viscoelastic fluid, or foamed fluid, 

depending on the type of the fracturing design or the type of the treated reservoir. However, 

in some shales, acid is used in different sub-stages of the hydraulic fracturing process away 

from the wellbore (Grieser et al., 2007). This technology not only can remove the near 

wellbore pollution but also can improve the microfractures conductivity and release more 

adsorbed gas. 

Once the proppant laden fluid is pumped, it needs to be displaced from the wellbore 

by a clean fluid. The objective of the displacement is to flush the slurry to a depth just 

above the perforations. Thus, the wellbore is not left full of proppant, and the proppant is 

mostly placed within the fracture. This fluid displacement is commonly called “flush.” The 

flush fluid is usually plain water, KCl water, slickwater, or low gel-loading fluid. 
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After pumping, the well is shut-in for a considerable time to allow the fracture to 

close on the proppant pack as the fluid in the fracture continues leaking into the reservoir. 

Moreover, during well shut-in, the fracturing fluid viscosity continues to degrade 

thermally, so the fluid can easily be produced during the flowback or “cleanup” stage. 

During the pad stage of the fracturing treatment, the near fracture face matrix is 

exposed to the pad fluid which could be a friction reducer fluid (slickwater) or slickwater 

with a surfactant. Throughout the main treatment, the surfactant could be included in the 

gel slurry; moreover, slugs of dilute HCl acid could be injected. Accordingly, the near 

fracture face matrix that was already exposed to the pad fluid, would be exposed again to 

the surfactant or the acid during the main treatment (Al-Ameri et al., 2018b). However, 

during fracturing treatment, millions of gallons of water are injected, but the fluid flowback 

after treatment is ranging from as little as 5% in the Haynesville and Eagle Ford shales to 

around or even more than 50% in the Marcellus and Barnett shales (King 2010). 

Throughout hydraulic fracturing of shale gas, co-current capillary imbibition occurs 

when the imbibed fluid flow is in the same direction of the reservoir gas flow. The co-

current capillary imbibition exists under the effect of the injection pressure during fluid 

pumping and also during well shut-in. The counter-current capillary imbibition occurs 

during fluid flowback and gas production when the injected fluid and the reservoir gas have 

opposite flow direction. However, the counter-current capillary imbibition could also exist 

during well shut-in when the reservoir pressure drops to its initial value. The fracturing 

fluid distribution during and after fracturing treatment is presented in Figure. 1.1 (Al-

Ameri et al. 2018b, Al-Ameri et al. 2018d, Al-Ameri et al., 2018e). 

       
Figure 1.1 Fluid distribution; (a) Pumping, (b) Shut-in, (c) Flowback and production 
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This dissertation investigated the impact of fracturing additives on fracturing fluid 

loss and flowback. Therefore, the study evaluated the permeability damage caused by the 

polymer adsorption, and the permeability enhancement when adding a non-ionic surfactant 

to the fluid or injecting dilute HCl. However, the study considered the effect of the 

fracturing fluid on three regions including; fracture, near-fracture face matrix that is 

affected by the fluid invasion and co-current capillary imbibition during pumping, and 

near-fracture face matrix that is affected by the spontaneous imbibition of the fracturing 

fluid during shut-in, flowback and long-term gas production.  

Shale core samples from the outcrops of the Eagle Ford and Marcellus and also low 

permeability sand samples from Scioto and Crab Orchard outcrops were used. Moreover, 

samples from the Barnett reservoir were also considered in this study. The prepared fluids 

included numerous fracturing additives (friction reducer, Guar, Breaker, Crosslinker, 

Biocide, and non-ionic surfactant). In all fluids, 3% Potassium Chloride was added to the 

base fluid as a clay stabilizer. Moreover, 3 wt.% HCl was also used in this study. 

1.1 Literature Review 

Multiple driving forces cause the water to leak-off into the rock matrix, including 

capillary action (Ren et al., 2016), osmotic flow (Wang and Pan 2016), and hydration of 

clay minerals (Xu and Dehghanpour 2014). Dutta et al. (2014) showed that the loss of 

fracturing fluid in a low permeability sand formation is caused by a combination of 

formation permeability, capillarity, and heterogeneity. 

During pumping, fracturing fluid loss occurs under dynamic conditions and its 

mainly controlled by the fluid filter cake. Prud’homme and Wang (1993) showed that the 

growth of the filter cake is controlled by the fluid shear stress exerted at the cake wall and 

the yield stress of the cake itself. The cake thickness stops growing when the fluid stress 

and cake yield stress are equal. However, the filter cake starts to erode when the fluid stress 

is larger than the yield stress. The cake yield stress depends on the fluid concentration and 

pressure gradient within the cake, while the fluid shear stress is a function to its rheological 

properties and the shear rate to which it is subjected (Economides and Nolte 2010). 
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The rheology of the polymer constituting the fracturing fluid has an essential role 

in determining injectivity, fracture growth, and also fluid loss. The most important property 

of the injected fracturing fluid is its viscosity which depends on the fluid shear rate. For 

the shear-thinning fluids, the fracture does not grow as much as in the case of a viscoelastic 

fluid (Zechner et al., 2013). The low fluid shear rate in the fracture results in higher fluid 

viscosity and lower impact on the cake, thus enhancing proppant transport and reducing 

fluid loss into the formation. During fracturing treatment, the approximate fluid shear rate 

in the fracture could be as low as (30-50 sec-1) resulting in high fluid viscosity (Economides 

and Nolte 2010). However, the fluid shear rate may be much lower for the soft rock 

treatments and much higher for the hard rock treatments (Carl Montgomery 2013).  

The literature showed a variety of shear behavior for polymer solutions because of 

the polymer complex rheology. For instance, biopolymers showed shear thinning behavior 

when characterized with a rheometer or when injected into a core plug (Hirasaki and Pope 

1974; Hill et al., 1974; Chauveteau and Kohler 1984; Cannella et al., 1988). Moreover, the 

polyacrylamide solutions showed shear thinning behavior at low shear rates that becomes 

shear thickening behavior above a certain shear rate (Seright 1983; Maerker and Sinton 

1984; Delshad 2008). However, the majority of the reservoir simulators considered a shear 

thinning behavior for the polymer fluid (Bondor et al., 1972; Todd and Chase 1979). 

Zechner et al. (2013) conducted a pilot test to determine the difference in the rheological 

properties measured from the rheometer and that estimated from injection of the 

polyacrylamide polymer solution into core plugs. The results of the rheometer showed a 

fluid shear thinning behavior. While, the results of injecting the same polymer solution into 

a core plug showed a shear thickening behavior at velocities less than (15 m/d) and a shear 

thinning behavior at higher velocities. The shear thinning behavior was attributed to 

polymer degradation.  

The retention of fracturing fluid in the fracture and the associated loss of fracture 

conductivity is one of the main issues affecting the hydraulic fracturing outcomes (Balhoff 

and Miller 2005). Moreover, fracturing fluid leak-off could result in significant water and 

hydrocarbon flow impairment because of the matrix permeability damage. Wang et al. 



Texas Tech University, Aymen Al-Ameri, August 2019 
 

 
 

6 

(2012) showed that the effect of fracturing fluid leak-off on the well productivity could be 

double of that caused by the gel filter cake residue. Sharma and Agrawal (2013) showed 

that fracturing fluids retention in the near fracture face matrix could significantly improve 

the water saturation and influence two-phase fluid flow, thus further hindering the 

hydrocarbon flow. Dutta et al. (2014) quantified the capillary effect on the fluid migration 

into low permeability sands through regained permeability tests. Ge et al. (2015) illustrated 

that evaluating matrix imbibition potential and rate helps to determine the required 

fracturing fluid volume, optimize flowback design, and analyze the impact on the 

hydrocarbon production. 

Many different types of chemical additives are used in the industry to manufacture 

the fracturing fluids. Friction reducers are used to prepare slickwater fluids to reduce the 

tubular friction loss while the fluid is pumped downhole. There are several types of friction 

reducers including; polyacrylamide (PAM), hydrolyzed polyacrylamide (HPAM), 

polyacrylic acid (PAAC), and acrylamide methyl propane sulfonate (AMPS). Friction 

reducer is a water-soluble polymer that can be adsorbed on the rock grains surfaces during 

hydraulic fracturing.  David (1964) showed that the rock water permeability is reduced due 

to the polymer absorption while the hydrocarbon permeability remains almost unaffected. 

Schneider and Owens (1982) considered six different polyacrylamides solutions for the 

treatment of both oil-wet and water-wet cores to estimate the polymer-oil permeability 

curves. Their results showed that after polymer treatment, the water relative permeability 

curve for water-wet cores was significantly reduced. Tielong et al. (1996) anticipated two 

partially hydrolyzed polyacrylamides (HPAM) treatments for water-wet sandstone cores. 

The concluded that the HPAM reduces the water relative permeability significantly while 

it has no impact on the gas relative permeability.  

For polymer flooding enhanced oil recovery, the Residual Resistance Factor (RRF) 

is widely used to quantify the reduction of water mobility due to polymer flooding 

(Jennings et al., 1971). Another useful parameter is the Resistance Factor (RF) which is 

defined as the ratio of the water mobility to the mobility of a polymer fluid (Jennings et al., 

1971). Ramazani et al. (2010) developed an equation to calculate the RRF in a fractured 
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medium. However, their equation depends on the flow behavior index and fluid viscosity 

which is a function to an unknown fluid shear rate in the fracture.  

Surfactants are commonly used to enhance the fluid flowback and compatibility 

with the formation fluids. Roychaudhuri et al. (2013) explained that a surfactant could 

efficiently minimize the imbibition rate of fracturing fluids into shale formations. Alvarez 

et al. (2014) used computed tomography imaging to conclude that the anionic and non-

ionic surfactants increase significantly fluid initial and total penetration magnitude. Ge et 

al. (2015) illustrated that the cationic surfactant might lead to less fluid imbibition by 

altering the shale rock into intermediate water wet. Xu et al. (2015) showed that a surfactant 

could improve the spontaneous imbibition of the fracturing fluids into liquids-rich shale 

plays, thereby allowing access to additional hydrocarbon reserves. 

Optimizing of fracturing additives concentration is essential for the success of any 

hydraulic fracturing treatment. The fracturing additives concentration should be optimized 

so that the fracturing fluid viscosity should not degrade in the fracture at an early or late 

time of pumping. Moreover, for low permeability reservoirs, high fluid shear rate is desired 

for a deeper fracture into the formation. On the other hand, low fluid shear in the fracture 

is required during the hydraulic fracturing of high permeability reservoirs for lower fluid 

loss and higher fracture width. Therefore, the fracturing additives types and concentration 

should be optimized according to the formation permeability. The loss of viscosity concept 

is widely used for optimizing fracturing additives. However, this concept is a function to 

the fluid shear rate in the fracture which is not constant during the fracturing treatment. 

The near fracture face matrix damage caused by the iron precipitates must be 

considered when considering HCl acid in hydraulic fracturing. The pyrite comprises iron 

in a ferrous state (Fe2+). However, as the acid spends in the formation, the pH increases 

causing the ferrous irons to oxidize and precipitate as ferric irons (Fe3+). The ferrous irons 

remain in solution at pH levels below 7.5 while the ferric irons (Fe3+) precipitate once the 

pH level exceeds 2. The pH of the spent acid usually ranges from about 4 to 5.4, therefore 

only ferric irons are likely to precipitate in the formation (Kalfayan 2008). The carbonate 

mineral is the main controlling factor on the pH of the shale-acid system over time. The 
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more carbonate content within the shales, the higher pH buffering ability. The type and 

distribution of the iron precipitates highly depend on the pH of the solution. Although the 

Oxygen (O2) controls the oxidation and precipitation of Fe2+, the carbonate content controls 

the speciation and distribution of the Fe3+ precipitates (Adam et al., 2017). In shales with 

high carbonate content, the Fe2+ is quickly oxidized to Fe3+ and remains close to the source 

point which is mainly pyrite (Adam et al., 2017). The sizeable Fe3+ precipitates could easily 

occlude Nanopores and micropores, thus reducing the permeability and inhibiting the 

hydrocarbon flow to the fracture. 

Moreover, the effect of the HCl acid on the shale mechanical properties has to be 

considered for the acid treatment. The mechanical properties of the shale formations vary 

as a function of the mineralogical composition. Shales rich in brittle minerals such as quartz 

and carbonates have high Young’s modulus numbers (Kumar et al., 2012). Contrarily, the 

more clay and organic carbon contents, the less Young’s modulus numbers. However, the 

dissolution of brittle minerals reduces Young’s modulus and may affect shale rock stability. 

Although HCl acidizing lower shale Young’s modulus, it may significantly increase 

hydrocarbon production. A successful example is the Monterey shale in California which 

has a low Young’s modulus (1-2 *106 psi), but the rock remains highly productive due to 

the silica-rich nature (EL Shaari et al., 2011). 

During hydraulic fracturing, microfractures could be created and extended 

perpendicular to the main fracture deeper into the formation. Thus, the flow direction of 

the imbibed fluid from these microfractures is commonly orthogonal to the bedding planes. 

Makhanov et al. (2012) showed that the fluid imbibition rate is lower when the flow is 

perpendicular to the bedding planes in comparison to when it is parallel to the bedding 

planes. Chalmers et al. (2012) explained that the low fluid rate in the shale formations is 

even higher when the fluid flow is parallel to the bedding planes. During the time of shale 

consolidation, clay minerals tend to align in a perpendicular direction to the overburden 

pressure (Li 2006). The alignment of clay minerals can create barriers or pathways for fluid 

flow depending on the flow direction. 
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Tannich (1975) concluded that a permanent near fracture face damage is not likely 

if the fracture conductivity is high according to the formation conductivity. Through his 

model, he explained that half of the pumped fracturing fluid would be produced within two 

to six days. However, his model had not considered the reservoir capillary forces, the effect 

of closure stress, and the permeability damage in the fracture or the formation.  

Holditch (1979) explained that the petrophysical properties of the low permeability 

gas reservoirs such as capillary pressure and its change in the damaged zones, and relative 

permeability are the main factors affecting the behavior of the fractured well during 

cleanup. Wang (2008) showed that the fracturing fluid flowback is a complicated process 

and dominated by many factors such as near fracture face matrix damage caused by the 

fluid loss, capillary pressure effect, relative permeability hysteresis, and clay swelling.  

Holditch (1979) explained that the water would be trapped and a complete block of 

gas flow would occur if the pressure drawdown is less than capillary end effect of the 

damaged region. Tannich (1975) through his numerical sensitivity study concluded that the 

fracture fluid might block the gas production at early stages of production. However, Wang 

2008) demonstrated that a severe reduction in gas production will happen when the damage 

degree or the capillary pressure increase, and this occur even when the pressure drawdown 

is high enough to overcome the capillary end effect of the damaged zone. Montgomery and 

Holditch (1990) explained that when the fracturing fluid flowback and the water mobility 

in the formation are low, the pumped fluid may be retained around the fracture so that gas 

flow is reduced or blocked.  

Gdanski et al.  (2005) and based on their numerical model explained that the 

damage in the fracture face significantly reduces gas production if the matrix permeability 

in the damaged matrix is decreased by 1% of the initial permeability. They also added that 

the high formation capillary pressure increases the effect of the permeability damage on 

the gas production. Ghahri et al. (2011) presented the results of over 130000 numerical 

simulations that depended on statistical approaches. They showed that fluid flowback and 

fracture permeability are the main factors controlling gas production. Moreover, the effect 
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of matrix permeability and gas relative permeability increases over time when more gas 

amounts are production.  

1.2 Statement of the Problem 

Throughout hydraulic fracturing, the fluid blocking (trapping) in the near fracture 

face matrix is one of the main damages caused by the conventional fracturing fluids. 

Therefore, it is essential to flow back as much of the injected fluid. However, the fluid 

flowback is a highly variable factor in the unconventional formations since it depends on 

many factors related to the fracture, formation, and even the operational activities. 

Moreover, the adsorption of the polymer constituting the fracturing fluid in the 

fracture faces and near fracture face matrix adds another disadvantage to the conventional 

fracturing fluids. The polymer adsorption reduces the fluid flowback and thereby 

enhancing the water blocking in the near fracture face matrix. 

1.2.1 The Damage in the Fracture 

It is necessary to keep low fluid shear rate (high fluid viscosity) in the fracture 

during the hydraulic fracturing in high permeability formations for less fluid loss and wider 

fracture width. However, for the unconventional reservoirs, it is important to keep high 

fluid shear rate in the fracture for a longer fracture. Moreover, it is desired to keep the 

viscosity of the crosslinked fluids higher than (50 cp at 170 sec-1) at the end of the fluid 

pumping for a better proppant transport (Economides and Nolte 2010). However, the poor 

proppant transport leads to reduce the propped and effective fracture length and width; 

thereby, affecting the success of the entire fracturing treatment. 

Crosslinkers are added to the gelled fracturing fluid to increase its viscosity and 

decrease its shear rate in the fracture during pumping. On the other hand, the chemical 

breakers are used to degrade the fluid viscosity, thereby enhancing fluid flowback and 

reducing the formation permeability damage. However, the degradation of the fracturing 

fluid viscosity is not perfect; therefore, polymer residues are trapped in the fracture and a 

filter cake is significantly developed on the fracture face. As a result, a fracture 

permeability damage is inevitable; however, the degree of the damage could be 
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significantly reduced by optimizing the fracturing additives concentration. The “loss of 

fluid viscosity” is the common concept used by the operators for optimizing fracturing 

additives. This concept assumes a constant fluid shear rate in the fracture during fluid 

pumping and the degradation in the fluid viscosity is reflected by the thermal degradation 

of the power law consistency index. However, the fluid shear rate in the fracture varies 

over time during fluid pumping and also varies along the fracture length. The values of the 

fluid shear rate in the fracture depend on the fluid composition (fracturing additives types 

and concentration), formation type and temperature, fracture width, fluid thermal 

degradation, and the amount of the injected fluid. Therefore, the fluid shear rate could be 

an essential aspect for optimizing fracturing additives concentration. 

The polymer adsorption in the fracture faces and also on the proppant pack can 

cause another damage in the fracture. The polymer adsorption reduces the fracture 

permeability and conductivity over time during hydraulic fracturing, thereby decreasing 

the fluid flowback and enhancing the fluid imbibition from the fracture into near fracture 

face matrix. The fracture permeability during fracturing treatment should be considered as 

an aspect for optimizing of fracturing additives concentration. However, the fluid viscosity 

does not reflect or quantify the damage in the fracture which is the main purpose of 

optimizing fracturing additives. 

In a nutshell, this study introduces new aspects for optimizing fracturing additives 

that are more accurate than the conventional “loss of fluid viscosity concept” and more 

representative to the permeability damage in the fracture. 

1.2.2 The Damage in the Near Fracture Face Matrix 

Fracturing fluid leak-off into the formation can cause significant fluid and 

hydrocarbon flow impairment because of the permeability damage in the near fracture-face 

matrix. However, the matrix damage caused by the clay swelling and dispersion, and water 

blocking are very well documented in the literature. The current study considered the 

inevitable near fracture face formation damage caused by the polymer adsorption from the 

friction reducer fluid during pumping and well shut-in stages. However, the polymer 

adsorption extravagates the problem of water blocking. The problem of polymer adsorption 
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while fracturing was not studied thoroughly in the literature. Therefore, this study considers 

this problem and uses different evaluation methods from that used in the literature. 

In such conditions, fracturing fluid trapping (blocking) in the near fracture face 

matrix could cause a gas blocking in which the gas would not be produced during flowback 

or in the early time of production. However, the long term-gas production could also be 

affected by the fluid saturation enhancement in the near fracture face region. Moreover, 

fracturing fluid blocking causes economic and environmental problems. Accordingly, the 

fluid flowback could be among the main aspects of the hydraulic fracturing design. 

However, the high fluid flowback could lead to a sudden drop in the bottom hole pressure 

of the near fracture face region, and that could end up in a shut-in well.  

The less fluid leak-off into the formation during pumping leads to less near fracture 

face formation damage. On the other hand, the more fluid with surfactant loss leads to 

enhance the permeability of more rocks volume in the near fracture face region. However, 

the impact of the fracturing additives on the near fracture face matrix varies depending on 

the petrophysical properties and the mineralogical composition of the formation. 

Moreover, it is crucial to reduce the fluid retention in the near fracture face matrix by a 

considerable fluid flowback or through considering long well shut-in time so the fluid can 

be imbibed deeper into the formation. Therefore, the hydraulic fracturing design based on 

fluid loss and flowback is an important aspect for the success of any fracturing treatment. 

1.3 Research Objectives 

This dissertation focused on the hydraulic fracturing design in unconventional gas 

formations based on the impact of fracturing additives on the fluid loss and flowback. The 

dissertation included experimental and simulation studies and considered different types of 

fluids including friction reducer fluid, friction reducer with a non-ionic surfactant fluid, 

and 3 wt.% HCl acid.  

The objective of the experimental study was to evaluate and mitigate the fracture 

and near fracture face matrix damage caused by the polymer adsorption of a conventional 

water-based- polymer loaded fracturing fluids. The study investigated the effect of the 

fracturing additives (friction reducer, gelling agent, potassium chloride, breakers, 
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crosslinkers, and surfactants) on the fluid shear rate in the fracture and the fracture 

permeability during fluid pumping. Moreover, the experimental study evaluated the impact 

of the fracturing additives on the near fracture face matrix permeability that is affected by 

the fluid invasion during pumping and fluid imbibition during well shut-in. Furthermore, 

the study investigated the impact of the non-ionic surfactant and dilute HCl acid on 

enhancing the permeability of the near fracture face matrix permeability during different 

stages of the fracturing treatment. 

The experimental data results were used in models that simulated and up scaled the 

lab experiments to actual field hydraulic fracturing treatments. The objective of the 

simulation models was to optimize the fracturing treatment design to mitigate the damages 

caused by the polymer adsorption and water blocking. Therefore, the simulation study 

depended on operational aspects for an existing technology and did not provide new 

expensive or not applicable technologies. However, the study investigated the impact of 

the fracturing additive on the fluid flowback, fluid loss during pumping, fluid co-current 

capillary imbibition during shut-in, and fluid counter-current capillary imbibition during 

flowback and long-term production. Depending on the impact of the fracturing additives 

on the fluid loss and flowback, the study brought up suggestions for the hydraulic fracturing 

design in unconventional gas reservoirs. Moreover, the study investigated the impact of the 

reservoir pressure, incomplete fracturing fluid degradation, and the presence of natural 

fractures on the flowback and fluid loss. The effect of the permeability jail near in the near 

fracture face matrix on the fluid flowback and gas production was also investigated. 

1.4 Methods Overview 

The dissertation was a comprehensive study that integrated experimental, analytical 

and simulation models to investigate the impact of the fracturing additives on the fracture 

and near fracture face matrix. Accordingly, hydraulic fracturing designs in shale gas 

formations were projected to mitigate the problems of the polymer adsorption and water 

blocking caused by the conventional fracturing fluids. 
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1.4.1 The Damage in the Fracture 

Slickwater fluids were prepared, and a viscometer study was conducted to 

investigate the effect of the KCl content on the fluid shear behavior at different friction 

reducer concentrations. Moreover, linear and crosslinked gelled fluids were prepared, and 

a viscometer study was conducted to evaluate the impact of the Guar and the other 

fracturing additives concentration on the fluids shear rate at different temperatures.  

A new equation was derived to predict the fluid shear rate in the fracture at any 

time during fluid pumping. The main parameters of the equation were the power law flow 

behavior and consistency indexes which were measured experimentally (viscometer) as a 

function of time during the fluid thermal degradation. 

An equation was developed to calculate the Resistance Factor ("#$
%#$

"&
%&

) and thereby 

the fracture permeability over time during fluid pumping. The equation was a function of 

the power law flow behavior and consistency indexes. 

However, the developed shear rate and resistance factor equations were used as 

new concepts for optimizing fracturing additives concentration. 

1.4.2 The Damage in the Near Fracture Face Matrix 

1.4.2.1 Near Fracture Face Matrix Damage During Fluid Pumping  

This part considered the effect of the fracturing additives on the near fracture face 

matrix that is flooded by the fracturing fluid during pumping as shown in Figure 1.1a and 

Figure 1.1b before the reservoir pressure drops to its initial value.  

Constant rate steady state permeability measurements apparatus was used to 

measure the brine (3 wt.% KCl) base permeability at atmospheric temperature. Moreover, 

the equipment was used to flood the core samples with either slickwater fluid or slickwater 

with a non-ionic surfactant fluid at 200oF, and then measuring the brine permeability at 

atmospheric temperature. High pressure vessel was used for aging the shale samples in        

3 wt.% HCl at 200oF. Three scenarios were considered in this part as shown in Figure 1.2.  
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Figure 1.2 The considered scenarios for the hydraulic fracturing design 

The first scenario investigated the effect of pad fluid type on the near fracture face matrix 

permeability. The main fracturing treatment followed pad stage was represented by the 

second and third scenarios. The second scenario investigated the effect of injecting non-

ionic surfactant and slugs of 3 wt.% HCl on the near fracture face matrix permeability when 

a friction reducer fluid was used in the pad stage. The third scenario evaluated the effect of 

injecting slugs of 3 wt.% HCl on the near fracture face matrix permeability when a non-

ionic surfactant was added to the friction reducer pad fluid. 

Analytical and simulation models were used to determine the relative permeability and 

capillary pressure curves necessary for the simulation study. 

1.4.2.2 Near Fracture Face Matrix Damage During Well Shut-in 

This part considered the near fracture face matrix damage caused by the 

spontaneous imbibition of the fracturing fluid during well shut-in (Figure 1.1b). 

Spontaneous imbibition experiments, steady-state permeability measurements, and 

numerical simulation were integrated to quantify the changes in the effective water 

permeability, capillary pressure, and water relative permeability curves due to the polymer 

adsorption of the spontaneously imbibed fracturing fluid. The effect of the non-ionic 

surfactant on the imbibed fluid volume and the rock anisotropy on the adsorbed polymer 

amount were also investigated. 

Three comparative systematic spontaneous imbibition experiments were conducted 

for each of the core samples using brine, friction reducer fluid, and brine again. The core 
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sample brine permeability before and after the imbibition experiment was measured using 

a constant rate steady-state permeability apparatus. 

The imbibition potential definition was used to calculate the imbibition capillary 

pressure curves before and after polymer adsorption. While the imbibition water relative 

permeability curves were calculated using ECLIPSE commercial simulator.  

1.4.3 The Simulation Study 

The simulation study was a sector modeling of a hydraulically fractured vertical 

well to investigate the effect of the fracturing additives on the fluid invasion and imbibition 

during pumping and shut-in stages, fluid flowback, and fluid imbibition during long-term 

gas production. The simulated models were constructed using ECLIPSE commercial 

reservoir simulator. Sensitivity analysis was also conducted to evaluate the effect of the 

formation pressure, incomplete fluid thermal degradation, presence of natural fractures on 

the flowback and fluid loss. Moreover, the effect of the permeability jail in the near fracture 

face matrix on the fluid flowback and gas production was also considered. 

1.5 Outline of the Dissertation 

The dissertation consists of seven chapters. Following the introductory chapter, 

Chapter 2 presents the used fracturing additives and the prepared fluids. The concentration 

of the prepared slickwater and gelled fluids are presented. The measurements of the fluids 

viscosity and the power low flow behavior and consistency indexes are also introduced. 

Moreover, the chapter presents the used core samples that were extracted from the outcrop 

of shale and low permeability sand formations in the USA.  

Chapter 3 examines the effect of the fracturing additives on the fluid shear rate in 

the fracture during fracturing treatment. Moreover, this chapter investigates the impact of 

the polymer adsorption from the fracturing fluid on the fracture permeability and 

conductivity over time during the fracturing treatment.  

     Chapter 4 is an experimental study to evaluate the impact of the invaded fracturing 

fluid during pumping on the near fracture face matrix permeability. However, chapter 5 
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investigates the effect of the spontaneously imbibed fracturing fluid on the near fracture 

face matrix permeability. 

     Chapter 6 is a simulation study to optimize the fracturing treatment by mitigating 

the problems of the polymer adsorption and fluid blocking. However, the simulation study 

investigates the impact of the fracturing additives including the friction reducer, non-ionic 

surfactant and dilute acid on the fluid loss during pumping, well shut-in, flowback, and 

long-term gas production. The effect of the fracturing additives on fluid flowback was also 

considered. The simulation study considers different shut-in time (one day, one week, two 

weeks, and one month). The majority of the input data for the simulated model were 

acquired from the experimental studies. Chapter 7 summarizes the conclusions of all parts 

of the dissertation. 
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CHAPTER 2 

FRACTURING FLUIDS AND CORE SAMPLES 

2.1 Hydraulic Fracturing Additives 

The hydraulic fracturing fluid is typically composed of about 98-99% water and 

proppant and 0.5- 2 % chemical fracturing additives. The water is a vital component of the 

fracturing fluid, and it should be carefully quality controlled (Carl Montgomery 2013). 

Typically, the water is filtered to 50 (microns) for propped fracturing treatments and 2 

(microns) for frac and pack treatments. Freshwater is commonly used to manufacture the 

fracturing fluid; however, there are some gelling agents must be added when seawater is 

considered. The main setback of the seawater is the presence of sulfate that can interact 

with the irreducible water in the reservoir. Thus, forming sulfate scales and providing a 

sulfur source for sulfate-reducing bacteria.  

Different types of fracturing additives are used to provide a necessary set of 

rheological properties of the fluid. The polyacrylamide based friction reducers are added 

to water to manufacture slickwater fracturing fluids. The friction reducers reduce the 

friction generated as the fluid is pumped down the well tubular. However, gelling agents 

are used to increasing the viscosity of the fracturing fluid, thus providing better proppant 

carrying ability and fluid loss control (Gall and Raible 1985). Contrarily, chemical breakers 

are considered to reduce the molecular weight of the polymers (Weaver et al., 2003), thus 

reducing the fluid viscosity and enhancing the fluid flowback. 

The work of Gall and Raible (1985) showed that the polymer thermal degradation 

depends on the polymer type, breaker type and concentration, reaction time, temperature, 

and the presence of fluid constituents (salts, crosslinkers, acids, etc.). Nasr-El-Din et al. 

(2007) studied the degradation of guar based- borate-crosslinked gels. Their work showed 

that gel degradation time is a function of breaker type and concentration, and the polymer 

concentration. The viscosity measurements of Sarwar et al. (2011) showed that the 

reduction in the gel viscosity depends on the breaker concentration and temperature.  

Below is a summary of the common fracturing additives used in the industry. 
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2.1.1 Friction Reducers (FR) 

The most common types of friction reducers are the polyacrylamide (PAM) and 

hydrolyzed polyacrylamide (HPAM). Friction reducer is a water-soluble polymer that 

could be absorbed into the rock surface of the reservoir. The polyacrylamide polymer 

(PAM) is difficult to break, so it is damaging to the reservoir rock and proppant pack when 

used (Carl Montgomery 2013). Therefore, the non-ionic PAM is hydrolyzed to produce 

HPAM (anionic polyacrylamide) to reduce its effect on the rock and fracture permeability.  

Friction reducer fluids are commonly used in the hydraulic fracturing of 

unconventional reservoirs to increase the fracture length. In this study, anionic 

polyacrylamide (-CH2CHCONH2-CH2CHCO2Na-) based friction reducer was used. 

2.1.2 Gelling Agents 

The gelling agents are used to increase the viscosity of the fracturing fluid and also 

when the crosslinkers are planned to be used. The most common types of the gelling agents 

used in hydraulic fracturing are Guar and its derivatives like HydroxyPropyl Guar (HPG), 

CarboxyMethyl Guar (CMG), and carboxymethylhydroxypropyl Guar (CMHPG). Guar is 

a polysaccharide polymer with an average molecular weight range of 1000000 to 2000000 

(Al-Ameri et al., 2017). These polymers leave a high residue of about 10-15% and therefore 

causing a formation permeability damage. However, they are less expensive than other 

polymers and are consequently quite popular. 

2.1.3 Crosslinkers 

Crosslinkers are used to significantly raise the viscosity of the linear gelled fluids 

by crosslinking the polymer backbone into a 3D structure. The crosslinker increases the 

base viscosity of the linear gel from less than 50 cp to 100 cp or 1000 cp (Carl Montgomery 

2013). The crosslinkers are commonly used in the hydraulic fracturing of permeable 

reservoirs when a wider fracture width is desired. 

Borate in the form of Boric acid is the most common type of crosslinkers. The fluid 

pH dominates the crosslinking which could be formed or reversed by adjusting the pH. 

Typically, borate crosslinked fluids are prepared by mixing the crosslinker with the base 
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polymer in water at a pH above 7. During pumping a buffer is usually added at the blender 

that raises the pH above 8 and consequently, the crosslink is formed. The process can be 

reversed merely by dropping the pH below 8 with acid. However, a pad slickwater is 

commonly injected after an acidic prepad to adjust the pH in the wellbore above 7. 

2.1.4 Buffers 

Buffers are added to adjust the pH of the fracturing fluid so that hydration, 

dispersion and crosslinking polymers can be engineered (Carl Montgomery 2013). Some 

buffers dissolve slowly in the fluid causing a delay in the time of crosslinking, thus 

reducing the fluid friction in the tubing. However, the crosslinking delay time is adjusted 

to when the fluid is about (2/3) of the way to the top perforation (Carl Montgomery 2013).  

2.1.5 Breakers 

The oxidative breakers are widely used in the industry. They are either ammonium 

persulfate, sodium persulfate, or calcium and Magnesium peroxides. Ammonium 

persulfate [(NH4)2S2O8] and sodium persulfate (Na2S2O8) are powerful oxidizers that form 

free oxygen radical when the temperature exceeds 125°F (Carl Montgomery 2013). These 

free radicals attach the polymer backbone and break it down into its constitutive sugars. 

These residual sugars would form insoluble precipitates if they left in the fracture, resulting 

in matrix permeability damage. Therefore, fluid flowback is recommended once the 

fracture is known to be closed. 

Other breakers such as hydrochloric acid (HCl) or acetic acid (CH3COOH) attack 

the backbone of the polymer and break the gel as the oxidative breakers do. However, the 

acids can result in insoluble residuals. Acids are generally used to clean the fractures that 

are believed to be damaged during the fracturing treatment when sufficient breaker was not 

used, or the gel was not broken (Carl Montgomery 2013). 

2.1.6 Clay Control Agents 

Potassium chloride (KCl) or any other clay stabilizer is added to the fracturing fluid 

to prohibit the water interaction with the rock mineralogy. KCl has a unique ability in 



Texas Tech University, Aymen Al-Ameri, August 2019 
 

 
 

21 

stabilizing clays, and it is much more effective than the sodium chloride (NaCl), Calcium 

chloride (CaCl2), etc. (Carl Montgomery 2013). 

2.1.7 Surfactants 

Surfactants are commonly added to the fracturing fluid to enhance its flowback by 

reducing the interfacial tension and altering rock wettability. The surfactant molecule has 

two parts; one part is soluble in oil (hydrophobic) while the other is soluble in water 

(hydrophilic). According to the charge of the water-soluble part, the surfactant is classified 

as either cationic with positive charge, non-ionic with no charge, anionic with negative 

charge, or amphoteric with positive and negative charges (Kalfayan 2008). The surfactants, 

regardless of their types, reduce the interfacial tension between the wetting phase and non-

wetting phase, which in turn, causes a reduction in the capillary pressure. In this study, the 

non-ionic surfactant Triton X-100 was used. Triton X-100 is soluble in water and has a 

density of 1.07 gm/cm3 and molecular weight of 647 gm/mole. 

2.1.8 Iron Control Agents 

The formation could contain an abundance of iron minerals either in ferrous state 

(Fe2+) or ferric state (Fe3+). The ferrous iron presents in the siderite (iron carbonate), pyrite 

(iron sulfide), and iron chlorite clay while the ferric iron constitutes the hematite and 

magnetite (Kalfayan 2008). 

Fracturing fluids, because of blending operations are highly likely to contain 

dissolved and entrained oxygen. Consequently, the fracturing fluid could be incompatible 

with formation water containing ferrous irons because of the oxidization to ferric irons. 

Therefore, the fracturing fluids have to be treated to eliminate any detrimental reactions 

with the formation fluids. The iron precipitates could cause significant formation damage.  

HCl acid is usually used to stimulate matrix permeability. However, as the acid 

spends in the formation, the pH increases. Ferrous irons remain in solution at pH levels 

below 7.5 while the ferric iron remains in solution at pH level below 2. The pH of spent 

acid usually ranges from about 4 to 5.4. Therefore, only ferric iron is likely to precipitate 

as the acid spends in the formation (Al-Ameri et al., 2018b).  
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The iron control additive such as sodium erythorbate (SE) was developed primarily 

for weakly acidic or non-acidic fracturing fluids (Kalfayan 2008). However, SE may be 

used to maintain iron in solution in acid and spent acid solutions. The SE accomplishes this 

by removing free oxygen from the treating fluid and reducing ferric iron to ferrous iron.  

In this study, most of the used fracturing additives were provided by Baker Hughes 

as presented in Table 2.1 

Table 2.1 Fracturing additives used in the study 

Fracturing Additives Name Ingredients 

Powdered Anionic Friction Reducer FRW-26D Polyacrylamide 

Clay Stabilizer* KCl Potassium Chloride 

Gelling Agent GW-4 Guar Gum 

Breaker GBW-5 Ammonium Persulphate 

Crosslinker XLW-10A 

Ethylene Glycol, Sodium 

Hydroxide 

Sodium Tetraborate 

Non-ionic Surfactant* Triton X-100 C16H26O2 

Biocide Alpha-125 Glutaraldehyde 

Acid* HCl Hydrochloric Acid 
             * not provided by Baker Hughes 

2.2 Fracturing Fluids Preparation  

Constant speed blender (Figure 2.1) was used to prepare the fluids used in this 

study by mixing the distilled water with the fracturing additives.  

 
Figure 2.1 The used blender for preparation of fracturing fluids 
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The blender facilitates preparing fracturing fluids according to API guidelines. Moreover, 

it provides a means of consistent fluids. In this study, a blending speed of 1000 RPM was 

used to prepare the fracturing fluids. 

2.2.1 Fluids Viscosity and Power Law Indexes Measurements 

A rotary viscometer was used to measure the fluids viscosities, and the power law 

flow behavior and consistency indexes (n and k) over time. The viscometer is a fully 

automated system adaptable with shear rate range (0.01-1700 sec-1) and temperature up to 

200oF, Figure 2.2.  

 
Figure 2.2 The used rotary viscometer 

The viscometer uses a rotary cup and a stationary bob with a gap between the two which 

could mimic the fracture as shown in Figure 2.3.  

 
Figure 2.3 Geometry of the cup and bob for the used rotary viscometer 

The viscometer can work with different shear gaps between the rotor and bob (R B) as 

shown in Table 2.2.  
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Table 2.2 Shear gaps between the rotor and bob for the used rotary viscometer 

Rotor - Bob R1B1 R1B2 R1B3 R1B4 R1B5 

Rotor Radius, cm 1.8415 1.8415 1.8415 1.8415 1.8415 

Bob Radius, cm 1.7245 1.2276 0.8622 0.8622 1.5987 

Bob Height, cm 3.8 3.8 3.8 1.9 3.8 

Shear Gap, cm 0.117 0.6139 0.9793 0.9793 0.2428 

Shear Rate per RPM 1.7023 0.377 0.2682 0.2682 0.8503 

 

For R1B1, the rotational speed of 600 RPM and 300 RPM reflect shear rates of 1021 sec-1 

and 511 sec-1 respectively. However, the shear rates R1B1 at certain RPMs are higher than 

the shear rates for the other types of (R B).  

The shear gaps could be selected according to the expected fracture width created during a 

real hydraulic fracturing design. Typically, the fracture created during hydraulic fracturing 

of unconventional reservoirs has a narrow width. Therefore, in this study, the rotor–bob of 

R1B1 was considered for the measurements of viscosity and the power law flow behavior 

and consistency indexes.  

Besides the used viscometer can adapt extremely low shear rates, it has the 

specifications shown in Table 2.3.  

Table 2.3 Specifications of the used rotary viscometer 

Motor Technology Stepper 

Motor Speeds (RPM) 12 Fixed Speeds (600, 300, 200, 100, 60, 30, 20, 10, 6, 3, 2 and 1) 

Speed Accuracy (RPM) 0.001 

 

The viscometer was connected to the computer and “ORCADA” software was used for an 

automatic data acquisition. The viscometer was used to measure the apparent viscosity of 

the friction reducer fluids at surface conditions for a wide range of shear rates. Moreover, 

it was used to measure the power law flow behavior and consistency indexes for gelled 

fracturing fluids as they degraded thermally over time. 
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2.2.2 Friction Reducer Fluids 

A friction reducer (slickwater) fluid was prepared by adding 0.1 wt.% powdered 

anionic friction reducer to a brine composed of 3 wt.% KCl and 97 wt.% distilled water. 

Another fluid was prepared by adding 2 gptg of a non-ionic surfactant (Triton X-100) to 

the friction reducer fluid.  

Some physical properties of the prepared fluids are shown in Table 2.4.  

Table 2.4 Some physical properties of the prepared friction reducer fluids 

Fluid Composition Viscosity 
cp 

Interfac. Tens. 
Dyne/cm 

Fluid1 0.1 wt.% friction reducer 1.8 54 

Fluid2 0.1 wt.% friction reducer with 
2 gptg non-ionic Surfactant 2 33 

    

The fluid viscosity was measured at a shear rate of 511sec-1. The interfacial tension was 

measured using a DuNouy tensiometer shown in Figure 2.4. 

 
Figure 2.4 Du Nouy tensiometer used in the study 

In addition to the upper two fluids, slickwater fluids with different content of friction 

reducer and KCl were prepared. Moreover, 3 wt.% HCl was used in this study. 

2.2.3 Gelled Fracturing Fluids 

In this study, ten gelled (linear and crosslinked) fluids were prepared as two groups 

of a wide range of additives concentration. Group1 represented low additives concentration 
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gelled fluids as shown in Table 2.5. On the other hand, group2 incorporated high additives 

concentration gelled fluids as presented in Table 2.6 (Al-Ameri et al., 2017). 

Table 2.5 The prepared fracturing fluids of low additives concentrations 

Name Fluid Type Additives 

Fluid 1 Linear Gel 20 pptg Guar 

Fluid 2 Linear Gel 20 pptg Guar, 1 pptg Breaker 

Fluid 3 Linear Gel with Surfactant 20 pptg Guar, 1 pptg Breaker, 2 gptg Surfactant 

Fluid 4 Crosslinked Gel 20 pptg Guar, 1 pptg Breaker, 2.5 gptg Crosslinker 

Fluid 5 Crosslinked Gel with Surf. 20 pptg Guar, 1 pptg Breaker, 2.5 gptg Crosslinker, 2 gptg Surf. 

 
Table 2.6 The prepared fracturing fluids of high additives concentrations 

Name Fluid Type Additives 

Fluid 6 Linear Gel 40 pptg Guar 

Fluid 7 Linear Gel 40 pptg Guar, 5 pptg Breaker 

Fluid 8 Linear Gel with Surfactant 40 pptg Guar, 5 pptg Breaker, 3 gptg Surfactant 

Fluid 9 Crosslinked Gel 40 pptg Guar, 5 pptg Breaker, 4 gptg Crosslinker 

Fluid 10 Crosslinked Gel with Surf. 40 pptg Guar, 5 pptg Breaker, 4 gptg Crosslinker, 3 gptg Surf. 

 

Fracturing fluids are non-Newtonian shear thinning fluids. The majority of the 

fracturing service companies describe the viscous behavior of their fluids by the power law 

(n and k). The values of (n and k) that have been published for a range of time-temperature 

conditions were functions of the testing and mixing procedures (Al-Ameri et al., 2017). 

Worlow (1989) showed that it is always difficult for independent laboratories to either 

reproduce the data from a given service company or to compare the published data between 

any two service companies. However, in this study, the power flow behavior and 

consistency indexes, and the viscosity were measured for all of the prepared fluids and 

used as a database for the following study objectives. 

2.2.3.1 Power Law- Flow Behaver and Consistency Indexes 

The thermal degradation of the gelled fracturing fluids in the fracture is highly 

affected by the formation temperature. Figure 2.5 shows the temperature profile in the 

fracture during the fracturing treatment (Worlow 1987). 
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Figure 2.5 Temperature profile along fracture length during treatment (Worlow 1987)  

The ORCADA software can provide output for the power law flow behavior and 

consistency indexes by considering the following equations. 

 𝜏 = 𝑘	𝛾+         (2.1)  

Where 𝜏 is the fluid shear stress, and g is the fluid shear rate. 

Taking the logarithm of both side of Equation 2.1 

 𝑙𝑜𝑔 𝜏 = 𝑙𝑜𝑔 𝑘 + 𝑛 − 1 𝑙𝑜𝑔 𝛾      (2.2)  

Therefore, a log-log plot of the measured shear stress versus the shear rate would result in 

a straight line with a slope equal to (n) and an intersection equal to (k). 

The ORCADA software uses only two rotational speeds (600 rpm and 300 rpm) to 

calculate the values of the (n and k) as shown below. 

𝑛 = 345 6 789::;345 6 78<::
345 =>?=.AB;345 C=>.BD

       (2.3) 

𝑘 = 6
EF

          (2.4) 

Where 1021.36 and 510.69 are the shear rates at the rotational speeds of 600 rpm and 300 

rpm respectively. 

The fracturing additives type and concentration have different impact on the power 

low flow behavior and consistency indexes as shown in Figure 2.6 at temperature 120oF.  
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Figure 2.6 Impact of fracturing additives on the power law indexes 

As the guar concentration increases, the flow behavior index decreases and the flow 

consistency index increases. The breaker increases the flow behavior index and 

significantly decreases the flow consistency index. Moreover, the crosslinker substantially 

increases the flow consistency index while the non-ionic surfactant has a moderate effect 

on improving the flow consistency index. 

2.2.3.2 The Viscosity Measurements 

The fluids viscosity was measured over time using the power law equation.  

 𝜇 = 𝑘	𝛾+;=         (2.5)  

Where µ and g are the fluid viscosity and shear rate respectively. 

The viscosity measurements for uncrosslinked gelled fluids at a shear rate of 511 sec-1 and 

temperatures of 180oF, 150oF, 120oF, and 100oF are shown in Figure 2.7 (Al-Ameri et al., 

2017). 
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Figure 2.7 The viscosity thermal degradation of the uncrosslinked gelled fluids 

The figures show that the primary loss in the viscosity existed when the fluid was heating 

up to the formation temperature. Moreover, the fluid thermal degradation was much 

reflected by the deterioration of the consistency index and the slight increase of the flow 

behavior index. 

For temperatures higher than 150oF, the fluids degraded very quickly; so, it is 

recommended to use less concentration of the oxidative breaker or to use another type of 

breakers like encapsulated breakers. Generally, the non-ionic surfactant led to increasing 

the fluid viscosity. At temperature 100oF, Fluid1 and Fluid6 degraded earlier than the other 

fluids and adding breaker enhanced the viscosity (Al-Ameri et al., 2017).  

Since the shear rate of the crosslinked gelled fluids in the fracture is low (Worlow 

1987), the viscosity of the prepared crosslinked fluids was measured at a shear rate of 50 

sec-1 and at temperatures 150oF, 120oF, and 100oF as shown in Figure 2.8.  
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Figure 2.8 The viscosity thermal degradation of the crosslinked gelled fluids 
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2.3 Optimizing of Fracturing Additives Using Loss of Viscosity Concept 

The fracturing additives types and concentrations affect the entire success of any 

fracturing treatment. Therefore, the fracturing additives should be optimized to obtain the 

desired effective fracture length and width and also to reduce the fracture and formation 

damages caused by these additives. The type and concentration of the fracturing additives 

should be optimized in order not to get an early or late fluid degradation during the pumping 

stage. A summary of the measured fluids viscosity thermal degradation time and the 

recommended additive concentrations are shown in Table 2.7(Al-Ameri et al., 2017). 

Table 2.7 Optimizing of fracturing additives using loss of fluid viscosity concept 

Temp. 
oF Group or Fluid Degradation time 

hour Additives Optimization 

>120 Fluid 6 5 § Good time but not good option 
§ Breaker is needed 

>150 Group 1 & 2 Very quickly § More Crosslinker 
§ Less breaker <1 pptg 

120 Group 1 8 &10 § More gel (Guar>20pptg) 

120 Group 2 3 § More Crosslinker 
§ Breaker <5 gptg 

100 Group 1 30 § Breaker >1 gptg 
§ Amines can be added 

100 Group 2 18 § Breaker >5 gptg 
§ Amines can be added 

 

Generally, if a fracturing fluid retains 50-100 cp viscosity (at reservoir temperature and a 

fluid shear rate of 170 sec-1) at the end of the fracture treatment, it would provide a perfect 

proppant transport (Nolte, 1982). However, the unknown fluid shear rate in the fracture 

during fracturing treatment increases the uncertainty of optimizing fracturing additives 

concentration using the loss of fluid viscosity concept.  

2.4 Core Screening and Core Preparation  

Shale core samples from the outcrops of Eagle Ford (South Texas) and Marcellus 

(Pennsylvania) were used. The South Texas- Eagle Ford shale is a sedimentary formation 

that deposited during the Cenomanian and Turonian ages of the Late Cretaceous. The Eagle 
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Ford is typically divided into an organic-rich Lower Eagle Ford formation and a carbonate-

rich Upper Eagle Ford formation (Donovan et al., 2016). The Lower and Upper Eagle Ford 

formations from the subsurface of southern Texas have approximately similar 

petrophysical and geochemical data defined from the Eagle Ford outcrop of west Texas 

(Donovan et al., 2016).  

The Marcellus formation is a Middle Devonian age unit of marine sedimentary rock 

found in eastern North America (Clark 1918). The Marcellus formation is a black shale that 

may contain limestone layers and some pyrite (FeS2) and siderite (FeCO3). Clay minerals 

are much abundant in the upper Marcellus member while carbonate minerals are more 

present in the lower Marcellus member. The weathered rock faces lost most of their organic 

carbon; accordingly, they turned from black or dark gray to a lighter gray (Peucker-

ehrenbrink 2001).  

Shale samples from the Barnett reservoir with considerable contents of quartz and 

clay were also used in this study. The Barnett formation is existing in the Bend Arch-Fort 

Worth Basin in the northeast of Texas. It consists of sedimentary rocks from the Devonian- 

Mississippian age (Pollastro et al., 2003). 

In addition to the shale core samples, low permeability sand samples from the 

Scioto-Ohio and Crab Orchard-Tennessee outcrops were also used. The Scioto and Crab 

orchard outcrops represent the Mississippian and Pennsylvanian age units respectively.  

The diameter of the used core samples was 1.5 inch; moreover, the samples were 

either parallel or perpendicular to the bedding planes.  

Multiple imaging methods were used for core screening and analysis. Moreover, 

core samples mineralogical and elemental analyses were considered in this study.  

2.4.1 Core Samples Imaging and Composition Analysis 

The surface features of the used core samples were identified visually from the 

photographic images as shown in Figure 2.9.  
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Figure 2.9 Photographic images for the shale and low permeability sand samples 

The shale core samples had more significant cross bedding than the low permeability sand 

samples. However, the bedding planes were more obvious in the Eagle Ford samples while 

they were less evident in the Barnett samples and less visible in the Scioto samples. 

Moreover, the Marcellus samples had a light gray color, but they were still darker than the 

Eagle Ford samples. The light gray color of the Marcellus samples indicated that the total 

organic Carbone (TOC) was partially or entirely removed from the Marcellus outcrop that 

had already exposed to weathering (Al-Ameri et al., 2018d). 

A computed tomography (CT) scanning was used for screening and 

characterization of inhomogeneities and damages within the core samples. The CT 

scanning reflects the density contrasts within the core. Some of the computed tomography 

number (CTN) images randomly selected from the whole CT scan package of the core 

samples parallel to the bedding plane are shown in Figure 2.10 (Al-Ameri et al., 2018a). 

 
                           (a)                            (b)                             (c)                            (d) 

Figure 2.10 CTN Images; (a) Eagle Ford (b) Marcellus (c) Scioto (d) Crab Orchard 

The shale samples showed a clear cross-bedding. However, all samples were undamaged 

and did not present any fracture or microfracture. Moreover, the Marcellus samples had 

higher CTN (denser) than the Eagle Ford samples, while the Scioto samples had the lowest 

CTN (least dense) among all other samples (Al-Ameri et al., 2018a).  
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A scanning electron microscope (SEM) was also considered for core samples 

imaging by scanning samples surfaces with a focused electron beam. Figure 2.11 shows 

SEM images for a sample from the Eagle Ford outcrop (Al-Ameri et al., 2018d).  

       

Figure 2.11 SEM scan images of an Eagle Ford sample 

The above figure shows pore spaces as black or dark gray colors while calcite and quartz 

(silica) dominating the lighter color. However, the silica presents in darker gray than the 

calcite while the pyrite is predominating a white color. The grain types within the Eagle 

Ford sample contained multi-chambered foraminifera filled with calcite and deformed 

calcareous fecal pellets as shown in the left figure. The pore spaces and grains were 

uniformly distributed within the sample, and homogenization in the mixing of components 

was recognized. The pore spaces and grains sizes were easily determined from the figure 

on the right. The average grain diameter was determined to be about 1 micrometer while 

the average pore diameter was less than 1 micrometer. However, the SEM images had not 

recognized the presence of the organic matter (Al-Ameri et al., 2018d). 

The SEM images of a Marcellus sample are shown in Figure 2.12 (Al-Ameri et al., 2018d). 

       
Figure 2.12 SEM scan images of a Marcellus sample 
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The pores are presented as dark gray or black color. The lighter minerals are predominantly 

calcite and quartz (silica) while the pyrite is mostly white. Most of the minerals within the 

Marcellus sample showed low grayscale contrast which made it difficult to interpret the 

minerals identity and distribution. The pore spaces and grains distribution was non-uniform 

and the framework of pores were aligned around rigid grains (quartz, calcite) with 

elongated shapes as shown in the right figure. The pore diameter was determined to be less 

than 0.5 micrometers. However, some big pores were scattered with an average diameter 

of 2 micrometers. The organic matter could not be recognized (Al-Ameri et al., 2018d).  

Figure 2.13 shows the SEM scam images of the Barnett sample (Al-Ameri et al., 2018e).  

 
Figure 2.13 SEM scan images of a Barnett sample 

The pore spaces present as a black or dark gray color. The lighter color reflects mostly 

quartz and clay while the white color shows the presence of pyrite. The grains were very 

fine while the pore spaces had a non-uniform size distribution. The pores diameter was 

ranging from about 0.5 micrometers and enlarged to 20 micrometers in several positions. 

It was unable to determine the presence of the organic matter (Al-Ameri et al., 2018e). 

The SEM images of the Scioto sample are shown in Figure 2.14 (Al-Ameri et al., 2018d).  
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Figure 2.14 SEM scan images of a Scioto sample 

The Scioto sample was mostly comprised of well-rounded detrital quartz grains. Moreover, 

a thin coating of filamentous illite clay was recognized on the surface of the detrital grains 

as a white color. The little amount of pyrite was scattered as a separate element or mixed 

with other elements. Moreover, micro capillary canals between the quartz remnants were 

noticed as represented by the green arrows in the figure above. The average grain size was 

10 micrometers and the average pore size was 5 micrometers (Al-Ameri et al., 2018d). 

Figure 2.15 shows the SEM images of the Crab Orchard sample (Al-Ameri et al., 2018d).  

       
Figure 2.15 SEM scan images of a Crab Orchard sample 

The Crab Orchard sample composed pores partly filled with large quartz overgrowths (O), 

and detrital quartz grains (Q). These overgrowths grew un-obstructed in the open pores 

developing smooth euhedral faces. A thin illitic clay covers some of the detrital grains (Q) 

was presented. Moreover, little amount of pyrite was distributed as a separate element or 

mixed with other elements. The grains size was varied and it ranged from about 1 

micrometer to 10 micrometers.  The average diameter of the pores was determined to be 

about 1 micrometer (Al-Ameri et al., 2018d).  
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Energy Dispersive Spectroscopy (EDS) was used to identify the elemental 

compositions for a specific dot within the shale and low permeability sand samples as 

shown with the red plus symbol in the SEM images. EDS systems are usually attached to 

the SEM to facilitate capturing images for the specimens of interest. The elemental analysis 

results are shown in Figure 2.16 (Al-Ameri et al., 2018d and Al-Ameri et al., 2018e). 
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Figure 2.16 Core samples elemental analysis using EDS 

The calcite mineral (CaO) element constituted most of the Eagle Ford and Marcellus shale 

samples and that confirmed that those samples were more representative of the Upper Eagle 

Ford formation and lower Marcellus member (Al-Ameri et al., 2018d). The Barnett sample 

had significant contents of quartz and clay (Al-Ameri et al., 2018e). The Scioto sample had 

the highest clay (AL2O3, aluminum oxide) content among other samples. Thus, the EDS 

analysis supported the SEM scan by recognizing the illitic clay layer covering most of the 

grains within the Scioto sample (Al-Ameri et al., 2018d). The Crab Orchard showed an 

abundant amount of Silica (Silicon dioxide, SiO2), little amount of clay, and no pyrite 

content. However, the pyrite was presented in other spots that were analyzed using the EDS 

(Al-Ameri et al., 2018d).  

Moreover, X-Ray Diffraction (XRD) was used to determine the proportion of the 

different minerals constituting the shale and low permeability sand samples. For this 

analysis, fine powdered samples were used. The mineralogical composition results are 

shown in Table 2.8 (Al-Ameri et al., 2018d and Al-Ameri et al., 2018e). 
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Table 2.8 Core samples mineralalogical composition using X-Ray Diffraction 

Component 
Sample 

Eagle Ford Marcellus Barnett Scioto Crab Orch. 

Quartz 31.8 12.6 40 70 92 
Plagioclase --- --- --- 5 --- 
K Feldspar --- --- --- 2 2 

Calcite 58 76.7 2 --- --- 
Dolomite --- 2 1 --- --- 

Pyrite Trace 2 8 Trace Trace 
Mica & Illite --- --- --- 18 4 

Kaolinite 5.4 --- --- Trace 1 
Chlorite --- --- 24 4 Trace 

Muscovite --- 5 21 --- --- 
Gypsum 1.4 --- --- --- --- 
Basanite 1.8 --- --- --- --- 
Others 1.5 1.8 4 --- --- 

 

The amount of the minerals was varied among the analyzed samples. However, the Eagle 

Ford and Marcellus shale samples contained mostly calcite and quartz while the Barnett 

sample had a considerable amount of quartz and clay. The high calcite content for the 

Marcellus sample explained its high density (according to the CT scan). The XRD analysis 

supported both of the EDS analysis and SEM scan by recognizing the illite clay in Scioto 

sample. Moreover, the XRD analysis showed low clay content for the Eagle Ford and Crab 

Orchard samples, no clay content for the Marcellus sample, and a significant amount of 

clay for the Barnett sample (Al-Ameri et al., 2018d and Al-Ameri et al., 2018e).  

The XRD showed no content of the smectite clay for any of the analyzed samples. The 

volume of the smectite clay is significantly changed (shrinkage and swelling) by changing 

its content of water. Therefore, the presence of smectite affects the sample permeability 

during cleaning and drying under high temperature. (Al-Ameri et al., 2018d) 

2.4.2 Core Samples Cleaning and Drying 

Before the measurements of the core samples porosity and permeability, the 

original fluids must be expelled completely through cleaning the samples with various 

solvents. In this study, a Dean-Stark apparatus was used to clean the samples with toluene.  

The cleaning duration for the shale and low permeability sand samples were five and three 
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hours respectively. Since the toluene has a boiling temperature of 110.6oC, the shale 

samples had exposed to its vapor for a long time (exceeds 15 hours) to eliminate or mitigate 

the removal of the TOC. Moreover, the impact of core cleaning on removing the TOC is 

expected to be negligible since the toluene vapor may not contact all of the shale sample 

Nanoscale pores (Al-Ameri et al., 2018d). 

After cleaning, the core samples were dried to a constant weight in a conventional 

laboratory oven with temperatures up to 100°C to remove the toluene and any other 

remaining fluid. However, a humidity oven (40% relative humidity) was used to dry the 

Barnett samples because of their high clay content (Al-Ameri et al., 2018e). For this study, 

core cleaning and drying was not expected to affect the samples pore geometry and 

structure because of the low clay content. Moreover, no trace of smectite clay was 

recognized in any of the used samples (Al-Ameri et al., 2018d). 

Heating shale core samples at high temperatures could result in shrinkage or even 

a removal of the organic material (OM). The maturity of the Eagle Ford in South Texas 

ranges from about 1.2% to 1.5% Ro and that reflect burial temperatures approximately 

between 120oC and 180oC (Peters and Cassa, 1994). Therefore, drying of the shale samples 

at a temperature of 100oC was not expected to affect the TOC since the samples had already 

experienced a higher burial temperature (Al-Ameri et al., 2018d). 

2.4.3 Porosity and Brine Permeability Measurements 

The core samples preparation included the measurements of the porosity and brine 

permeability after samples cleaning and drying. The core samples’ porosity was measured 

using a high-pressure double-cell helium porosimeter shown in Figure 2.17 (Al-Ameri et 

al., 2018c).  
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Figure 2.17 Experimental setup for the high-pressure helium porosimeter 

Helium pressure higher than 2000 psi could be applied with the used apparatus. However, 

the porosity was measured when the pressure transducer readings were stabilized (Al-

Ameri et al., 2018c). The dimensions of the core samples used for the porosity 

measurements are shown in Table 2.9, and the results of the porosity measurements are 

shown in Table 2.10. 

Table 2.9 Dimensions of the core samples used for the porosity measurements 

Formation Length 
cm 

Weight 
gm 

Diameter 
cm 

Bulk Volume 
cm3 

Bulk Density* 
gm/cm3 

Eagle Ford 5.08 134 3.81 57.92 2.31 
Eagle Ford 5.26 136.1 3.81 59.96 2.27 
Marcellus 3.63 109.6 3.81 41.38 2.65 
Marcellus 4.05 122.6 3.81 46.17 2.67 

Barnett 7.62 174 3.81 66.67 2.61 
Scioto 10.44 254 3.81 119.01 2.13 

Crab Orchard 7.6 212.35 3.81 86.64 2.45 
       * Bulk Density=weight/ bulk volume 

Table 2.10 The results of the porosity measurements 

Formation Grain Volume 
cm3 

Pore Volume 
cm3 

Porosity 
% 

Eagle Ford 52.02 5.9 10.2 
Eagle Ford 45.87 14.09 23.5* 
Marcellus 38.09 3.29 8 
Marcellus 42.75 3.42 7.4 

Barnett 62.67 4 6 
Scioto 104.24 14.77 12.4 

Crab Orchard 80.88 5.76 6.7 
                             * Bedding plane fractured sample 
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The samples brine permeability was measured at lab temperature using a constant rate 

steady state method of permeability measurements. A schematic diagram of the used 

apparatus is shown in Figure 2.18 (Al-Ameri et al., 2018d).  

 
Figure 2.18 Schematic diagram of a brine permeability measurements apparatus 

The accumulators were filled with brine (3 wt.% KCl). The core sample was held in the 

core holder, and a confining pressure of 2500 psi was supplied to the core sample by 

pressurizing the water surrounding the rubber sleeve using a hydraulic air pump. A back 

pressure of 100 psi was supplied to the back-pressure dome using a high-pressure nitrogen 

cylinder. A water pump was used to drive the brine in the accumulator through the core 

samples. The pumping rates were 0.01 cm3/min and 0.1 cm3/min for the shale and low 

permeability sand samples respectively. During flooding, the injected upstream pressure 

increased gradually till a maximum value that represented the breakthrough of brine. The 

pressure values then started to stabilize. When the upstream pressure was sustained, and 

the downstream pressure was equal to (100) psi, the brine permeability was calculated 

using the Darcy equation (Al-Ameri et al., 2018d).  
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𝐾I =
JKLK	MN
ON	∆Q

         (2.6) 

Where Kw is the brine permeability. Qw and µw are the brine injection rate and viscosity 

respectively. Lc and Ac are the core sample length and area respectively. DP is the difference 

between the stabilized upstream pressure and downstream pressure (100 psi).  

The measurements of the core samples porosity and brine permeability are shown in Table 

2.11 (Al-Ameri et al., 2018d and Al-Ameri et al., 2018e). 

Table 2.11 Core samples porosity and brine permeability measurements 

Core Sample Porosity 
% 

Brine Permeability 
md 

Eagle Ford 8 0.0009 

Marcellus 7 0.0007 

Barnett 5.5 0.0002 

Scioto 12 0.05 

Crab Orchard 7 0.01 
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CHAPTER 3 

FRACTURE DAMAGE DURING HYDRAULIC FRACTURING 

The shear rate that the fluid experience in the fracture during hydraulic fracturing 

varies with time and distance along fracture length. The objective of this study part was to 

investigate the impact of the fracturing additives on the fluid shear rate in the fracture and 

fracture permeability during fluid pumping.  

The effect of potassium chloride content on the shear rate behavior of slickwater 

fluids was investigated for different friction reducer concentrations. A rotary viscometer 

was used to measure the viscosity of the slickwater fluids at surface conditions for a wide 

range of shear rates. On the other hand, the prepared ten gelled fluids (Tables 2.5 and 2.6) 

were used to evaluate the effect of the gelling agent and the other fracturing additives 

concentration on the fluid shear rate behavior.  

New equations were derived to predict the fluid shear rate and the resistance factor 

(RF) in the fracture at any time during fluid pumping. The main parameters of the equations 

were the power law flow behavior and consistency indexes. The new RF equation can be 

used to calculate the fracture permeability or conductivity during fluid pumping. However, 

the measurements of flow behavior and consistency indexes for the gelled fluids (chapter 

2) were used as input for the equations. 

The “loss of fluid viscosity concept” is widely used in optimizing fracturing 

additives concentration. This concept considers a constant fluid shear rate during pumping. 

However, the fluid shear rate is varied during the fracturing treatment. Moreover, the fluid 

viscosity does not quantify the fracture permeability or conductivity. However, both of the 

new fluid shear rate and the RF equations can be used for optimizing fracturing additives. 

3.1 The Impact of the Fracturing Additives on the Fluid Shear Rate 

In high permeability reservoirs, the fracturing treatment is designed for a wider 

fracture width while in low permeability reservoirs, the main aspect for the fracturing 

design is the longer fracture length. Therefore, crosslinked gelled fluid and slickwater fluid 
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are commonly used in the hydraulic fracturing of high permeability and low permeability 

reservoirs respectively.  

Typically, the shear thinning fluids tend to have a constant viscosity at a very low 

shear rate (< 1 sec-1) as shown in Figure 3.1 for a gelled fluid composed of 0.48% HPG in 

water (Guillot and Dunand, 1985). 

 
Figure 3.1 Fluid viscosity profile at very low shear rate (Guillot and Dunand, 1985) 

Moreover, the fluid has a zero shear rate value and a maximum viscosity value in the mid 

of the fracture. The maximum fluid viscosity is known as zero-shear-rate viscosity, and it 

is essential to be determined for successful proppant transport. However, numerous 

analytical models were developed to calculate the zero-shear viscosity such as Carreau 

equation (Carreau 1968) and Ellis model (Ellis 1995).  

A new equation was developed to calculate the fluid shear rate in the fracture, 

thereby investigating the impact of the fracturing additives on the fluid shear rate during 

pumping. However, the main aspect was to reflect the fluids thermal degradation by the 

power law flow behavior and consistency indexes instead of the fluid viscosity. The 

developed equation can also be used to calculate the fluid viscosity profile in the fracture. 

3.1.1 Effect of Potassium Chloride on the Shear Rate of FR Fluids 

The fracturing fluid, because of its shear thinning behavior, tends to have high 

viscosity values at low shear rates and that is important for better proppant carrying ability 

and less fluid loss. Friction reducer (slickwater) fluids are commonly used in the pad stage 
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of the fracturing treatment. The friction reducer is a polyacrylamide-based polymer with 

molecular weight about (2000000).  

Slickwater with friction reducer concentration of 0.05%, 0.1%, and 0.15% were 

prepared to investigate their shear rate profile. The base fluid was a distilled water. The 

apparent viscosity and the shear stress were measured for a wide range of shear rates as 

shown in Figure 3.2.  
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Figure 3.2 Effect of friction reducer content on the fluid viscosity and shear stress 

The results showed that all fluids have a shear thinning behavior even for low shear rates. 

In this study, the effect of potassium chloride (KCl) concentration (1%, 3%, 5%, 

and 7%) on the slickwater fluid shear behavior was investigated. Figure 3.3 shows the 

fluids viscosity measurements as a function of shear rate.  
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Figure 3.3 Effect of potassium chloride on the fluid viscosity 

The results showed the following. 

• The KCl led to the presence of a shear thickening behavior at low or even medium 

shear rates depending on the friction reducer concentration.  

• Friction reducer concentration less than 0.1% is not recommended when the KCl 

content is less than 2% since it led to either a shear thickening or Newtonian flow 

behavior at high shear rates.  

• KCl concentrations more than 3% led to increasing the shear thickening interval. 

However, it decreases the fluid viscosity. 

• 3% KCl concentration could be an optimum value. However, higher KCL 

concentration is required when the formation has high clay content or a smectite clay 

type is presented.  

3.1.2 Fluid Shear Rate in the Fracture during Fracturing Treatment 

In contrarily to the fluid velocity, the fluid shear rate has a minimum value at the 

mid of the fracture and a maximum value at the fracture walls. The typical profiles of the 

fluid shear rate in the fracture and along the fracture length are shown in Figures 3.4 and 

3.5 (Economides and Nolte 2010).  
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Figure 3.4 Fluid shear rate profile along fracture width (Economides and Nolte 2010) 

 
Figure 3.5 Fluid shear rate profile along fracture length (Economides and Nolte 2010) 

Figure 3.4 shows that the shear thinning fluid has a wider flat velocity profile at the fracture 

center than the shear thickening fluid and Newtonian fluid. 

The shear rate profile in a rectangular conduit is (Al-Ameri et al., 2017) 

𝛾 = RS(U)
RU

= 	− =
?L
	RW
RM
	(𝑤 − 2𝑦)      (3.1) 

Where (y) is the distance from the fracture wall to the fracture center.  

For y=w/2 (fracture center), the shear rate is (0).  

When y=0 (fracture wall), the shear rate has a maximum value. Therefore, equation 3.1 can 

be written as 

𝛾 = RS(U)
RU

= 	− =
?L
	RW
RM
	𝑤       (3.2) 
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The power law fluid viscosity is 

𝜇 = 𝑘𝛾+;=         (2.5) 

Substituting Equation 2.5 in Equation 3.2 yields 

𝛾 = 	− =
?	[	EF\]	

	RW
RM
	𝑤        (3.3) 

Solving for the shear rate 

𝛾+ = 	− =
?	[	
	RW
RM
	𝑤        (3.4) 

The pressure-drop resulting from the flow of power law fluids through parallel plate 

(Economides and Nolte 2010) is 

RQ
RM
= ^+_?

+
?	`F[

ab
F	IcFd]         (3.5) 

Substituting Equation 3.5 into Equation 3.4 yields 

𝛾+ = 	−	 ^+_?
+

`F

ab
FIcF        (3.6) 

Re-arranging Equation 3.6 and considering units conversion  

𝛾 = −	 ^+_?
+

`
=>.BeB	ab	

+ =?
I

?+ = +

      (3.7) 

or 

𝛾 = −13.476 ^+_?
+

]
F 	 	`
	ab	Ic		

        (3.8) 

Where q is pumping flow rate (bbl/min), w is fracture width (inch), hf is fracture height (ft), 

g is fluid shear rate (sec-1). 

The fluid shear rate in equation 3.8 is a function to the flow behavior index and the fracture 

width which reflects the fluid thermal degradation effect. Moreover, the equation shows 

that the fluid shear rate increases at the fracture tip when the fracture width starts to 

approach its minimum value (Al-Ameri et al., 2017).  
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In this study, a new equation was developed to calculate the fracture width presented in 

Equation 3.8 as shown below (Al-Ameri et al., 2017). 

The net pressure in the fracture is (Economides and Nolte 2010) 

𝑃+kl =
I	mn

^	Mb
         (3.9) 

Integrating Equation 3.5 yields 

𝑃+kl =
^+_?
+

?`F[	Mb
ab
FIcFd]        (3.10) 

Combining Equation 3.9 and Equation 3.10 yields 

I	mn

^	Mb
= ^+_?

+
?`F[	Mb
ab
FIcFd]        (3.11) 

Re-arranging Equation 3.11 for the fracture width 

𝑤?+_? = ^+_?
+

e`F[	Mb
c

ab	
Fmn

       (3.12) 

The fluid volume in both wings of the fracture is (Economides and Nolte 2010) 

𝑞. 𝑡 = 2ℎr𝐿r𝑤         (3.13) 

Re-arranging Equation 3.13 for the fracture length 

𝐿r =
`	l

?ab	I
         (3.14) 

Substituting Equation 3.14 into Equation 3.12 and re-arranging for the fracture width 

𝑤> = 12 1.04 ^+_?
+

	`
=>.BeB	ab

+_? [	
		mn	
	𝑡?

]
cFdu

     (3.15) 

Where wo is fracture width (inch), q is pumping flow rate (bbl/min), k is flow consistency 

index (pascal. secn), t is time (min). E’ is plane strain modulus (psi). 

if n=0, the exponent =
?+_^

 would be equal to =
^
 

if n=1, the exponent =
?+_^

 would be  =
B
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Accordingly, the exponent =
?+_^

 could be approximated by =
C
; thereby, n=0.5 

Therefore, Equation 3.15 can be rewritten as: 

𝑤> = 5549 	`
ab

?.C [	
	mn	
	𝑡?

]
x
     (3.16) 

or 

𝑤> = 5.61 	`
ab

]
c [	

	mn	

]
x 	𝑡

c
x     (3.17) 

The fracture width in Equation 3.17 is independent of the fluid shear rate. Moreover, the 

effect of the fluid thermal degradation is reflected explicitly by the consistency index rather 

than the fluid viscosity as in the case of Perkins-Kern-Nordgren (PKN) model, 

Khristianovic-Geertsma-de klerk (KGD) model, etc. (Al-Ameri et al., 2017). 

To verify the results of Equation 3.17, the measured power law flow behavior and 

consistency indexes (chapter 2), and the fracturing data presented in Table 3.1 were used 

to calculate the fracture width, and the results were compared to the outcomes of 

Nordgren’s equation using the same input data (Al-Ameri et al., 2017).  

Table 3.1 Example of a field hydraulic fracturing data 

Fluid Pumping Rate, bbl/min 80 

Fracture Height, ft 200 

Young Modulus, psi 1*106 

Poisson’s Ratio 0.2 

Formation Temperature, oF 120 

 

The calculated fracture widths at temperature 120oF along with the computed fracture 

widths from Nordgren’s equation at a shear rate 170 sec-1 are shown in Figure 3.6.  
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Figure 3.6 The calculated fracture width from the new and Nordgren equations 

The fracture width calculated from the new equations more sensitive to the fluid thermal 

degradation than the fracture width estimated from Nordgren’s equation. Therefore, the 

new equation indicates the advantage of using the consistency index over the viscosity to 

reflect the fluid thermal degradation (Al-Ameri et al., 2017).  

Substituting Equation 3.17 into Equation 3.8 yields 
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𝛾 = −0.428 ^+_?
+

]
F 	 mn

[

c
x 	𝑡;

u
x       (3.18) 

Where g is fluid shear rate (sec-1), E′ is plane strain modulus (psi), k is flow consistency 

index (pascal. secn), and t is time (min). 

The upper equation shows that the fluid shear rate is independent of the fracture height. 

Moreover, the fluid shear rate is independent of the fluid pumping rate, and the reason 

could be attributed to the instantaneous effect of the pumping rate on the fracture length, 

width, and height as shown in equation 3.19. 

𝛾 = − R`
RMbRI	Rab

        (3.19) 

The results of the calculated fluids shear rates using either Equation 3.8 or Equation 3.18 

at the temperature of 120oF are shown in Figure 3.7. 
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Figure 3.7 Impact of fracturing additives on the fluid shear rate during pumping 
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The results of the average fluid shear rates along fracture length after one hour and two 

hours of fluid thermal degradation at temperatures 100oF and 120oF are shown Tables 3.2 

and 3.3 (Al-Ameri et al., 2017). 

Table 3.2 Effect of fracturing additives on the fluid average shear rate at 100oF 

Fluid Average Shear Rate after 1 hour 
Sec-1 

Average Shear Rate after 2 hours 
Sec-1 

Fluid1 450 200 
Fluid4 120 90 
Fluid5 90 50 
Fluid6 1700 1000 
Fluid9 700 400 

Fluid10 600 350 

 
Table 3.3 Effect of fracturing additives on the fluid average shear rate at 120oF 

Fluid Average Shear Rate after 1 hour 
Sec-1 

Average Shear Rate after 2 hours 
Sec-1 

Fluid1 500 260 
Fluid4 200 100 
Fluid5 95 55 
Fluid6 1800 1400 
Fluid9 760 550 

Fluid10 750 450 

 

The results show that the value of the fluid shear rate in the fracture depends on the 

fracturing additives concentration and the formation temperature. Accordingly, the fluid 

shear rate in the fracture could reach high values (>100 sec-1). However, Worlow (1987) 

showed that the crosslinked fracturing fluid throughout the fracturing treatment is subjected 

to low shear rates in the fracture. 

It is important to keep low fluid shear rate in the fracture during the hydraulic fracturing of 

high permeability reservoirs, and high fluid shear rate throughout the fracturing of low 

permeability reservoirs. The results showed that the shear rate of Fluid6 is significantly 

higher than the shear rate of Fluid1. The reason is that for linear gelled fluids 

(uncrosslinked), as the gelling agent concentration increases, the flow behavior index 

decreases while the consistency index is slightly increased. Therefore, the controlling 
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factor of the fluid shear rate is the flow behavior index.  However, increasing the guar 

concentration leads to increase the consistency index to a point at which the fluid shear rate 

starts to decrease. High gelling agent concentration is not recommended since it causes 

severe permeability damage in the fracture and the near fracture face matrix. Therefore, 

crosslinkers are used when high fluid viscosities are required (Al-Ameri et al., 2017).   

The crosslinked fluids showed less shear rate in comparison with the linear gelled fluids. 

The reason was attributed to the high values of the consistency index (>>1) when 

crosslinkers are added to the fluid. Therefore, for crosslinked fluids, the consistency index 

is the controlling factor of the fluid shear rate. The breakers in both of the linear and 

crosslinked gelled fluids led to increasing the shear rate because of the breakers significant 

effect in reducing the consistency index. The non-ionic surfactant decreased the fluid shear 

rate since it increased the consistency index of the degraded fluids (Al-Ameri et al., 2017).  

As the temperature increased, the consistency index decreased, and the flow behavior index 

increased. However, the fluid shear rate was increased (Al-Ameri et al., 2017). 

3.2 The Fracture Permeability during Fracturing Treatment 

In the present study, the residual resistance factor (RRF) and resistance factor (RF) 

were used to calculate the fracture permeability or conductivity in the fracture during the 

fracturing treatment. However, the RF could be used as a new concept for optimizing 

fracturing additives concentration (Al-Ameri et al., 2017).    

Ramazani et al. (2010) developed an equation to calculate the RRF after a polymer flooding 

process in a fractured medium.  

𝑅𝑅𝐹 = 	A+_=
	^+

𝜂~k3      (3.20) 

Where 𝜂~k3 is the relative viscosity which is defined as the viscosity of the polymeric 

solution to the viscosity of water.  

In order to use the upper equation during fracturing treatment, the fluid shear rate value in 

the fracture should be known to calculate the viscosity of the polymer solution. However, 

the fluid shear rate values are not constant during fracturing treatment because of the 
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different types of fracturing fluids and the effect of fluid thermal degradation (Al-Ameri et 

al., 2017). 

In this study, a shear rate independent equation is developed to calculate the RF in the 

fracture as shown below (Al-Ameri et al., 2017). 

The Poiseulle equation is 

𝑣 = ~cRQ
e	L	RM

      (3.21) 

Substituting Equation 3.5 into Equation 3.21 yields 

𝑣 = − ~c

e	L
^+_?
+

?	`F[
ab
F	IcFd]      (3.22) 

The fluid velocity from Darcy equation is 

𝑣 = �	RQ
	L	RM

      (3.23) 

By comparing Darcy equation to Poiseulle equation 

𝑟? = 8	𝐾     (3.24) 

Substituting Equation 3.24 into Equation 3.22 yields 

𝑣 = −�
L

^+_?
+

?	`F[
ab
F	IcFd]      (3.25)       

For water flow (Newtonian fluid), n=1. Therefore, Equation 3.25 could be reduced to 

𝑣I = −�K
LK

=?	`	LK
ab	I<	

      (3.26) 

Where 𝑘 = 𝜇I for Newtonian fluids. 

Equation 3.25 could be written for polymer solution flow as follow 

𝑣W = −��
L�

^+_?
+

?	`F[�
ab
F	IcFd]      (3.27) 

From the definition of the Resistance Factor (Jennings et al., 1971) 

𝑅𝐹 = �K
��

L�
LK

      (3.28) 
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Dividing Equation 3.26 by Equation 3. 27 and re-arranging for RF and unit conversion 

𝑅𝐹 = 166.67 ^+_?
+

`
=>.BeB	ab

+;= 	[�	
𝑤
12

2−2𝑛

LK	
     (3.29) 

Where w is fracture width (inch), q is pumping rate (bbl/min), hf is fracture thickness (ft), 

kp is polymer solution flow consistency index (pascal. secn), µw is water viscosity (1 cp).  

The RF in Equation 3.29 is function to the fracture width. 

Substituting Equation 3.15 into Equation 3.29 yields 

𝑅𝐹 = 166.67 ^+_?
+

[�
<

Fdc �c

	�n

]\F
Fdc

LK	
      (3.30) 

Where t is time (min). E’ is plane strain modulus (psi), µw is water viscosity (1 cp). 

The RF in equations 3.28 and 3.29 has an explicit function to the fluid (polymer solution) 

consistency index which reflects the effect of fluid thermal degradation. Moreover, the RF 

is independent of the fluid shear rate, fluid pumping rate, and fracture height.  

However, Equations 3.28 and 3.29 could be used for optimizing fracturing additives 

concentration. The main privileges of these equations over the loss of viscosity concept are 

(Al-Ameri et al., 2017). 

• The RF can be used to determine fracture permeability and conductivity which are 

the main parameters for the success of any fracturing job. 

• Independent of the fluid shear rate. 

• Reflects the effect of the formation through the plane strain modulus (E’).  

The resistance factor during fluid pumping was calculated using the data of Table 3.1 and 

the results are presented in Figure 3.8 (Al-Ameri et al., 2017). 
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Figure 3.8 Impact of fracturing additives on the Resistance Factor during pumping 

The results show the significant impact of the additives concentration and reservoir 

temperature on the RF. When the effect of fluid thermal degradation during pumping is 

insignificant, the RF increases over time due to the increase in the flow behavior index. 

However, after a certain time, the RF decreases because of the effect of fluid thermal 

degradation (reduction in the flow consistency index). However, an early turning point time 

during fluid pumping is not recommended to avoid complete fluid thermal degradation as 

in the case of temperature 150oF and temperature 120oF (group2). Contrarily, a late turning 

point time could result in a high fluid viscosity by the end of fluid pumping as in the case 

of temperature 100oF. To optimize fracturing additives concentration, more guar and 

crosslinker concentrations, and fewer breaker concentrations are recommended for early 

turning point time, and the reverse is true for the late turning point (Al-Ameri et al., 2017). 

3.3 MATLAB Code for Data Input and Fracture Parameters Output  

All the measurements of the fluids viscosity and power-law flow behavior and 

consistency indexes conducted in this study for the gelled fracturing fluid were stored using 

a MATLAB code and used as a database for the new equations developed in this study. 

Moreover, the database and the results of the new equations for the fluid shear rate, fracture 

width and length, resistance fracture, and fracture permeability could be presented by 

running the MATLAB code shown in Appendix A. 
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3.4 Experimental Measurement of the Fracture Permeability 

Sand pack column experiment was used to measure the permeability of a dry sand 

pack (Proppant 20/40) and the permeability after flooding the sand pack with a gelled fluid 

(40 pptg Guar). The length of the sand pack was 80 cm, and the diameter was 1.5 inch. The 

experimental apparatus is shown in Figure 3.9.  

 

Figure 3.9 Experimental apparatus for the fracture permeability measurements 

A nitrogen cylinder was used to supply a nitrogen gas. Pressure transducers connected to a 

computer were used to measure the upstream and downstream pressures. A nitrogen 

flowmeter was installed on the nitrogen cylinder outlet to regulate the inlet gas flow rate to 

the sand pack. However, on the outlet of the sand pack column, a digital nitrogen flowmeter 

(connected to the computer) was also installed to read the outlet gas flow rate. The nitrogen 

gas was allowed to flow through the sand pack until the outlet rate is stabilized then the 

gas permeability was measured using the Darcy equation. 

𝐾5 =
?`���	Q���	L�	���
O�� Q�F

c ;Q���
c         (3.31) 

Kg is the gas permeability in (md), qout is the outlet gas rate in (cm3/sec), Pin and Pout are 

the inlet and out let pressures respectively (psi). µg is the gas viscosity (cp), Lc and Ac are 

the sand pack column length (cm) and area (cm2) respectively.  

The permeability measurements for a dry and fluid-saturated sand pack column are 

summarized in Tables 3.4 and 3.5.  
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Table 3.4 Fracture permeability measurements for dry sand pack 

Run P-Inlet  
psi 

P-Outlet  
psi 

Qg- Outlet  
cm3/sec 

Gas Permeability 
md 

1 20.9 14.7 26.8 14084 
2 58.4 21 172.8 9681 
3 46.3 19 125 10513 
4 37.6 17.1 94.7 11295 
5 32.3 16 74.4 11834 
6 25.1 15 43.6 12742 

 

Table 3.5 Fracture permeability measurements for fluid saturated sand pack 

Run P-Inlet  
psi 

P-Outlet  
psi 

Qg- Outlet  
cm3/sec 

Gas Permeability 
md 

1 50.7 14.7 90.5 3901 
2 40.3 14.7 63 4541 
3 47.2 14.7 83.4 4208 
4 64.2 15.7 113 3151 

 
The results are shown in Figure 3.10.  
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Figure 3.10 Effect of a gelled fluid on the fracture permeability 

The liquid permeability has decreased from 6308 md to 69 md when saturating the sand 

pack with the gelled fluid. 

3.5 Chapter Conclusions 

1- Adding KCl to the friction reducer fluid led to present a shear thickening behavior at 

low or medium shear rates followed by a shear thinning behavior. 

2- The fluid shear rate in the fracture during fracturing treatment is an important aspect 

for optimizing fracturing additives concentration.  
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3- An equation to calculate the fracture width was developed which is independent of the 

fluid shear rate.  In comparison to Nordgren’s equation, the new equation showed more 

sensitivity to the fluid thermal degradation. 

4- An equation to calculate the fluid shear rate in the fracture during fluid pumping was 

derived. The equation was independent of fracture height and fluid pumping rate. The 

new equation can be used for optimizing of fracturing additives concentration. 

5- The shear rate of the linear gelled fluids increased as the concentration of the gelling 

agent increased to a certain point beyond which the fluid shear rate started to decrease. 

For crosslinked fluids, as the crosslinker and non-ionic surfactant increased, the fluid 

shear rate decreased. While adding more breaker to the fluid led to increasing the shear 

rate values. Moreover, the fluid shear rate was proportional to the temperature.  

6- The fluid shear rate increases gradually away from the wellbore and reaches its 

maximum value at the tip of the fracture where the fracture width approaches its 

minimum value. 

7- A new equation to calculate the resistance factor (RF) in the fracture was developed. 

The equation was independent of the fluid shear rate, fluid pumping rate, and fracture 

height. Moreover, the RF had an explicit function to the consistency index. The RF 

can be used to calculate the fracture permeability and conductivity during fluid 

pumping. Therefore, the RF equation can be used as a new concept for optimizing 

fracturing additives concentration. 

8- The main aspect of optimizing fracturing additives using the resistance factor is the 

turning point time during the fracturing treatment. The turning point should not be very 

early or late during the fracturing treatment for a successful fracturing treatment. 
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CHAPTER 4 

NEAR FRACTURE FACE MATRIX DAMAGE DURING FLUID 
PUMPING 

The objective of this study part is to investigate the impact of the fracturing 

additives on the near fracture face matrix that is affected by the fluid flooding and co-

current capillary imbibition during pumping (Figure 1.1a). Moreover, this part could also 

represent the region that is affected by the fluid invasion and imbibition during well shut-

in when the reservoir pressure is higher than its initial value (Figure 1.1b). However, the 

results of this part help to infer the impact of the fracturing additives on fluid flowback and 

fluid loss. In addition to the permeability reduction ratio, the residual resistance factor was 

considered to assess the near fracture face- matrix permeability damage. 

Three scenarios of fracturing treatment designs were considered; the first scenario 

evaluated the impact of the pad fracturing fluid on the near fracture face matrix 

permeability. The considered pad fluids were friction reducer, friction reducer with a non-

ionic surfactant, and 3 wt.% HCl acid. The second and third scenarios investigated the 

effect of injecting slugs of a non-ionic surfactant and 3 wt.% HCl during the main fracturing 

treatment on the near fracture face matrix permeability. The HCl acid treatment was 

considered only for shale core samples.  

Constant rate flooding setup was used to measure the core samples brine (3 wt.% 

KCl) permeability at atmospheric temperature, and to flood the samples with friction 

reducer fluid or friction reducer with a non-ionic surfactant fluid at 200oF. A pressure 

vessel was also used for shale samples aging in 3 wt.% HCl under high pressure and 

temperature to investigate the proper shale-acid contact time and to prepare acid treated 

samples for the permeability measurements. 

4.1 Shale Core Samples Aging in 3 wt.% HCl Acid  

Dilute HCl acid was considered since it can stimulate the shale matrix and remedy 

the permeability damage caused by the fracturing fluid. The changes in the shale samples 

surface texture, compressive strength, and also the precipitation amount and composition 
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were investigated by aging the samples in 3 wt.% HCl acid. The Calcite reacts rapidly with 

the HCl acid producing calcium chloride precipitates, Equation 4.1. On the other hand, 

the dolomite reacts slowly with the HCl acid to produce calcium chloride and magnesium 

chloride precipitates, Equation 4.2 (Patton et al., 2003). 

𝐶𝑎	𝐶𝑂A + 2𝐻𝐶𝑙 → 𝐶𝑎𝐶𝑙? + 𝐻?𝑂 + 𝐶𝑂?      (4.1) 

𝐶𝑎	𝑀𝑔	 𝐶𝑂A ? + 4𝐻𝐶𝑙 → 𝐶𝑎𝐶𝑙? + 𝑀𝑔𝐶𝑙?+2𝐻?𝑂 + 2𝐶𝑂?    (4.2) 

Three core samples perpendicular to the bedding planes from each of the Eagle Ford and 

Marcellus samples were considered. Firstly, an automated compressive load frame was 

used to measure the unconfined compressive strength of intact samples. A pressure vessel 

was used for aging the samples in 3 wt.% HCl acid under pressure of 2500 psi and 

temperature of 200oF. Two samples from each of the Eagle Ford and the Marcellus shales 

were used for the aging process. The aging times were 2 hours and 24 hours for the first 

and second samples respectively. The unconfined compressive strength of the core samples 

was measured again after aging. However, SEM scan imaging and EDS elemental analysis 

were considered for the second sample after aging (Al-Ameri et al., 2018b). 

The visual observation of the first Eagle Ford sample showed that the bedding plane and 

the texture color had not affected significantly.  However, the results of aging the second 

sample showed that the bedding planes were altered considerably, the surface texture color 

was turned dark, and visible precipitates (CaCl2) was produced. The texture color of the 

first Marcellus sample was turned to very dark, and a considerable amount of dark 

precipitates was noticed. Figure 4.1 shows photographic images for the core samples 

before and after one day aging in 3 wt.% HCl (Al-Ameri et al., 2018b).  

            
                                                   (a)                     (b)                               (c)               (d) 

Figure 4.1 (a) Intact Eagle Ford, (b) Acidized Eagle Ford, (c) Intact Marcellus, (d) Acidized Marcellus 
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The results of the shale samples aging in 3 wt.% HCl acid are summarized in Table 4.1. 

Table 4.1 The results of the shale core samples aging in 3 wt.% HCl 

Formation Aging Time 
hour Color Precipitation 

Compressive 
Strength 

psi 

Comp. Strength 
Reduction 

% 
 

Eagle Ford 
 

Intact Gray ---- 6470 --- 
2 Light Brown No 3950 39 

24 Dark Brown Slight 1720 73 

 
Marcellus 

 

Intact Dark Gray ---- 15430 --- 
2 Dark Brown Very high 11490 26 

24 Very Dark Brown Very high 6250 59 

 

The dark precipitates produced from aging the Marcellus samples were attributed to the 

high carbonate content and the existence of the pyrite mineral. Figure 4.2 shows SEM scan 

images after samples aging in HCl acid (Al-Ameri et al., 2018b).  

         
                                                   (a)                                                                        (b) 

Figure 4.2 SEM images after aging in HCl; (a) Eagle Ford sample. (b) Marcellus sample 

The elemental analysis of the samples before and after aging are shown in Figure 4.3.  
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Figure 4.3 EDS analysis before and after sample aging in 3 wt.% HCl 
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The reaction with HCl acid significantly reduced the calcium (Ca) element in both of the 

Eagle Ford and Marcellus samples. However, the reduction in the Calcium content for the 

Eagle Ford sample was less, and that explains the low production of the calcium 

precipitates (CaCl2). Moreover, the iron content (FeO) was increased for both of the 

Marcellus and the Eagle Ford samples after aging. This result indicates that the ferrous iron 

(Fe2+) produced from the pyrite- acid reaction was oxidized and precipitated as ferric iron 

(Fe3+) state (Al-Ameri et al., 2018b). 

In this study, a load frame was used to measure the unconfined compressive strength of the 

samples. The results showed that after one day aging in HCl, the compressive strength of 

the Eagle Ford and Marcellus samples was reduced by 73% and 59% respectively. The 

reduction in the unconfined compressive strength of the Marcellus sample was less even 

of its higher produced precipitates. The reasons could be attributed to the Marcellus sample 

higher density, lower clay content, and the lower impact of the bedding planes. Figure 4.4 

shows a core sample in the load frame before and after crashing (Al-Ameri et al., 2018b).  

       
Figure 4.4 A core sample before and after crashing in the load frame 

For the low permeability sand formations, stimulating near fracture face matrix with 

hydrofluoric acid (HFl) is not recommended because of the inevitable precipitation 

produced from HFl-rock reaction. These precipitates cause significant damage to the 

matrix permeability. Therefore, the spent HFl acid should be produced back as soon as 

possible or even immediately after treatment (Al-Ameri et al., 2018b). 

4.2 Experimental Apparatus and Procedure 

In this study, constant rate- steady state apparatus was used to measure the brine (3 

wt.% potassium chloride) permeability and also to flood the core samples that are parallel 
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to the bedding plane with fluids. The equipment and a schematic diagram of the apparatus 

are shown in Figures 4.5 and 4.6 (Al-Ameri et al., 2018b). 

 
Figure 4.5 Core flooding and brine permeability measurements apparatus 

 
Figure 4.6 Schematic diagram for core flooding and brine permeability measurements 
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The initial procedure steps included the following (Al-Ameri et al., 2018b). 

• The accumulator in the oven was filled with either friction reducer fluid or friction 

reducer with a non-ionic surfactant fluid. The other accumulators contained brine.  

• A cleaned and dried core sample was held in a rubber sleeve that was placed in the 

core holder.  

• The space between the rubber sleeve and the core holder was filled with water using 

a water tap.  

• An air hydraulic pump was used to supply a confining pressure of 2500 psi by 

pressurizing the water surrounding the rubber sleeve.  

• A nitrogen cylinder was opened to supply a back pressure of 100 psi in the back-

pressure dome. 

The apparatus had not been used for HCl acid flooding although it was able to handle HCl 

concentration up to 5 %. The reason was attributed to the high impact of the HCl acid on 

the unconfined compressive strength of the Eagle Ford samples. However, it was expected 

that the unconfined compressive strength of the samples would drop below the supplied 

confining pressure (2500 psi) after several hours of flooding, thus crashing the core 

samples. Consequently, aging of shale samples in HCl acid using high-pressure cell was 

considered for the acid treatment (Al-Ameri et al., 2018b). 

The measurements included three scenarios as shown below. 

4.2.1 Scenario 1: Pad Stage of the Fracturing Treatment 

The purpose of this scenario was to evaluate the impact of the three prepared fluids 

on the near fracture-face matrix permeability when they are used as pad fluids (pad stage 

of fracturing treatment). Therefore, cleaned and dried samples of shale and low 

permeability sand were flooded with friction reducer fluid (Fluid1), friction reducer with a 

non-ionic surfactant fluid (Fluid2) and 3 wt.% HCl. The procedure steps were as follow 

(Al-Ameri et al. 2018b). 
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1. The valve on the top of the brine accumulator was opened. The water pump was turned 

on to pump the brine at room temperature. The pumping rate was 0.01 cm3/min and 0.1 

cm3/min for the shale and low permeability sand samples respectively.  

2. The brine pumping was continued until the readings of the upstream pressure 

transducer were stabilized. Then Darcy equation (equation 2.6) was used to calculate 

the brine base permeability. 

The water pump was turned off and the valve on KCl accumulator was closed. 

3. Fluid1 in the accumulator and the core holder were heated up simultaneously to a 

temperature of (200oF).  

4. The valve on top of the accumulator containing Fluid1 was opened. The water pump 

was turned on to pump Fluid1 through the samples. The pumping rate was 0.01 

cm3/min and 0.1 cm3/min for the shale and low permeability sand samples respectively. 

For a complete sample saturation, pumping of Fluid1 was continued till the effluent 

volume was at least 20 core pore volume. After pumping, the accumulator valve was 

closed, and the sample was left in the setup under high temperature and pressure for 

one day to simulate the shut-in stage of the fracturing treatment. 

5. The core holder was cooled down to the room temperature, and the brine permeability 

was calculated again. The permeability reduction from the base value was attributed to 

the impact of the polymer adsorption.  

6. Steps 1 through 5 were repeated for pumping of Fluid2 into another cleaned and dried 

core sample. This step simulates the case of using a non-ionic surfactant in the pad 

stage. The increase in the brine permeability was attributed to the effect of the non-

ionic surfactant. 

7. The base brine permeability was measured for another core sample. Then the sample 

was dried, held in a rubber sleeve and placed in a pressure cell for two hours aging in 

3 wt.% HCl acid. The rubber sleeve was held in the core holder, and the brine 

permeability was calculated again. The permeability difference from the base 

magnitude was attributed to the impact of HCl acid. 
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4.2.2 Scenario 2: Main Treatment after Pad Stage of Fluid1 

The objective of this scenario is to simulate the case of injecting a friction reducer 

fluid in the pad stage and then injecting slugs of friction reducer with a non-ionic surfactant 

fluid or 3 wt.% HCl during the subsequent fracturing stages. Therefore, in this scenario, 

core samples saturated with Fluid1 were flooded with Fluid2 or 3 wt.% HCl. The procedure 

steps were as follow (Al-Ameri et al., 2018b). 

8. Steps 3 through 5 were repeated considering Fluid2 and the core sample of step 5. 

9. The difference in the brine permeability calculated in steps 8 and 5 reflected the impact 

of the non-ionic surfactant. 

10. Steps 1 through 5 were repeated for a cleaned and dried sample and considering Fluid1. 

11. Steps 7 was conducted for the sample prepared in step 10 (no drying was considered).  

12. The permeability difference of step 11 and step 10 was attributed to the effect of acid. 

4.2.3 Scenario 3: Main Treatment after Pad Stage of Fuid2 

This scenario simulates the case of injecting a friction reducer with a non-ionic 

surfactant fluid in the pad stage and then injecting slugs of 3 wt.% HCl during the 

subsequent fracturing stages. Therefore, in this scenario, core samples saturated with 

Fluid2 were saturated again with 3 wt.% HCl. The procedure steps were as follow (Al-

Ameri et al., 2018b). 

13. Steps 7 was repeated for the core sample prepared in step 6. 

14. The brine permeability difference of step 13 and step 6 reflected the impact of the acid. 

4.3 Results and Discussion 

The permeability reduction ratio (PRR) and the residual resistance factor (RRF) 

were considered to quantify the impact of the three fluids on the core brine permeability. 

The permeability reduction ratio is defined as in Equation 4.3.  

𝑃𝑅𝑅 = �K�;�K�
�K�

         (4.3) 

Where Kwi and Kwa are the core brine permeability before and after polymer adsorption. 
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The residual resistance factor is defined as the sample water (brine) permeability before 

polymer adsorption to its brine permeability after polymer adsorption. 

𝑅𝑅𝐹 = �K�
�K�

           (4.4) 

4.3.1 Scenario 1: Pad Stage of the Fracturing Treatment  

The impact of Fluid1, Fluid2 and 3 wt.% HCl on the brine permeability of cleaned 

and dried core samples was evaluated. Tables 4.2 and 4.3 show the results of two runs of 

this scenario (Al-Ameri et al., 2018b).  

Table 4.2 The results of the flooding experiments for scenario-1, run1 

Formation Sample Base Perm. 
mD 

After Treatment 
Treating 

Fluid 
Perm. 

mD PRR RRF 

 
Eagle Ford 

 

E1 0.0008 Fluid1 0.00068 -0.15 1.18 
E2 0.00077 Fluid2 0.000725 -0.06 1.06 
E3 0.00079 3% HCl 0.000886 0.12  

Marcellus 
M1 0.0006 Fluid1 0.00054 -0.10 1.11 
M2 0.00063 Fluid2 0.0007 0.11 0.90 
M3 0.000575 3% HCl 0.00059 0.026  

Scioto Ohio 
S1 0.049 Fluid1 0.0089 -0.82 5.51 
S2 0.049 Fluid2 0.027 -0.45 1.81 

Crab Orch. 
C1 0.0097 Fluid1 0.0076 -0.216 1.276 
C2 0.0097 Fluid2 0.0087 -0.1 1.1 

 
Table 4.3 The results of the flooding experiments for scenario-1, run2 

Formation Sample Base Perm. 
mD 

After Treatment 
Treating 

Fluid 
Perm. 

mD PRR RRF 

 
Eagle Ford 

 

E5 0.00084 Fluid1 0.0007 -0.17 1.20 
E6 0.0008 Fluid2 0.00076 -0.05 1.05 
E7 0.00081 3% HCl 0.0009 0.11  

Marcellus 
M5 0.00064 Fluid1 0.00057 -0.11 1.12 
M6 0.0006 Fluid2 0.00066 0.10 0.91 
M7 0.00058 3% HCl 0.0006 0.034  

Scioto Ohio 
S3 0.052 Fluid1 0.009 -0.83 5.78 
S4 0.052 Fluid2 0.028 -0.46 1.86 

Crab Orch. 
C3 0.0092 Fluid1 0.0071 -0.228 1.30 
C4 0.0092 Fluid2 0.0082 -0.11 1.12 
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The (-) sign presented in the tables above indicates a decrease in the core brine permeability 

after flooding with the considered fluid.  

The permeability reduction ratios are presented in Figure 4.7 (Al-Ameri et al., 2018b).  
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Figure 4.7 The results of the Permeability Reduction Ratios of scenario-1 

Since the Eagle Ford samples had less carbonate (positive charge) content than the 

Marcellus samples, less anionic polymer was expected to be adsorbed on the grain surfaces. 

However, the results showed that the polymer adsorption has a lower effect on the brine 

permeability of the Marcellus samples. The reasons may be attributed to the Marcellus 

lower permeability and porosity, the lower impact of the bedding planes, and also lower 

clay content. The bedding planes have a high surface area for polymer adsorption. 

The reduction in the Scioto samples brine permeability due to polymer adsorption was 

significant. The reason was mostly attributed to the high capability of the grains covering- 

illitic clay to adsorb the polymer. The low porosity and permeability, high quartz (negative 

charge) content, and low clay contents in the Crab Orchard samples minimized the effect 

of the polymer adsorption on reducing the brine permeability. 

The brine permeability of all samples has increased by the impact of the non-ionic 

surfactant which reduces the capillary pressure and irreducible water saturation. Moreover, 

the effect of the polymer adsorption was less when the surfactant was injected 

simultaneously with the polymer. However, the impact of the non-ionic surfactant was less 

on the bedding planes and clay because of their high ability for polymer adsorption as 

shown in the cases of the Eagle Ford and Scioto samples. It is worth noting that the non-
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ionic surfactant had increased the brine permeability of the Marcellus samples even higher 

than their initial values. The Marcellus samples had a high ability to absorb the non-ionic 

surfactant because of the high density, no clay content, and the low impact of the bedding 

planes. For the low permeability sand sample, the non-ionic surfactant enhanced the 

permeability that was reduced by the polymer adsorption. Therefore, it is recommended to 

use the surfactant in the pad stage when fracturing the low permeability sand formations. 

Using a non-ionic surfactant in the pad stage of the fracturing treatment causes more fluid 

loss into the formations during pumping, shut-in, and also during long-term gas production. 

However, the more fluid with a surfactant loss, the more rock exposing to the impact of the 

surfactant, thereby enhancing the fluid flowback. Contrarily, the surfactant increases the 

fluid invasion distance, thus increasing the fluid loss due to co-current and counter-current 

capillary imbibition.  

The 3 wt.% HCl has significantly improved the brine permeability of the Eagle Ford 

samples. The enhancement in the permeability and the uniform distribution of the pore 

spaces reduced the effect of the iron precipitates.  

The HCl acid increases the porosity of the near fracture face matrix, thus enhancing the 

fluid the fluid loss during pumping. Consequently, a non-ionic surfactant might be 

preferred over the HCl acid for the pad stage in the Eagle Ford shale. The HCl acid had 

less impact on enhancing the brine permeability of the Marcellus samples than the non-

ionic surfactant. Moreover, the acid treatment was less efficient in comparison to the Eagle 

Ford samples because of the Marcellus samples higher pyrite content, higher heterogeneity, 

and lower permeability. The heterogeneity and low permeability of the Marcellus samples 

hindered the iron precipitates flow through the pores spaces. However, improving the near 

fracture face matrix permeability during the pad stage results in a more fluid loss. 

Therefore, the friction reducer fluid reduces the fluid loss.  

4.3.2 Scenario 2: Main Treatment after Pad Stage of Fluid1 

In this scenario, core samples that have already saturated with Fluid1 were used to 

investigate the impact of injecting friction reducer with a non-ionic surfactant fluid, and 
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also aging the samples in 3 wt.% HCl on the brine permeability. The results of two runs of 

this scenario are summarized in Tables 4.4 and 4.5.  

Table 4.4 The results of the flooding experiments for scenario-2, run1 

Formation Samp. 
Base 

Perm. 
mD 

Fluid1 Treatment After Second Treatment 
 Perm. 

mD PRR RRF Fluid Perm. 
mD PRR RRF 

Eagle Ford 
E1 0.0008 0.00068 -0.15 1.18 Fluid2 0.00075 -0.065 1.07 
E4 0.00077 0.00065 -0.16 1.18 3% HCl 0.00072 -0.061  

Marcellus 
M1 0.0006 0.00054 -0.10 1.11 Fluid2 0.00059 -0.01 1.01 
M4 0.00063 0.00057 -0.09 1.10 3% HCl 0.00062 -0.016  

Scioto S1 0.049 0.0089 -0.82 5.51 Fluid2 0.015 -0.69 3.27 
Crab Orch. C1 0.0097 0.0076 -0.216 1.27 Fluid2 0.0085 -0.123 1.14 

 
Table 4.5 The results of the flooding experiments for scenario-2, run2 

Formation Samp. 
Base 

Perm. 
mD 

Fluid1 Treatment After Second Treatment 
 Perm. 

mD PRR RRF Fluid Perm. 
mD PRR RRF 

Eagle Ford 
E5 0.00084 0.0007 -0.17 1.20 Fluid2 0.00079 -0.060 1.06 
E8 0.00079 0.00066 -0.165 1.22 3% HCl 0.00075 -0.051  

Marcellus 
M5 0.00064 0.00057 -0.11 1.12 Fluid2 0.00063 -0.016 1.02 
M8 0.00059 0.00054 -0.08 1.09 3% HCl 0.00058 -0.017  

Scioto S3 0.052 0.009 -0.83 5.78 Fluid2 0.0157 -0.7 3.33 
Crab Orch. C3 0.0092 0.0071 -0.23 1.30 Fluid2 0.008 -0.130 1.15 

 

The permeability reduction ratios for run1 of shale samples, and for the low permeability 

sand samples are shown in Figure 4.8 (Al-Ameri et al., 2018b). 
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Figure 4.8 The results of the Permeability Reduction Ratios of scenario-2 
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The results showed that the adsorbed polymer during first fluid treatment (pad stage) 

reduces the effect of the non-ionic surfactant in enhancing the brine permeability of the 

shale and low permeability sand samples.  

Aging of Eagle Ford samples in 3 wt.% HCl was not efficient as in scenario 1, and both of 

the acid and non-ionic surfactant had an approximate impact on enhancing the brine 

permeability. The HCl acid attacked the polymer adsorbed on the grains surfaces of the 

shale samples and then reacted with the rock components producing calcium chloride and 

iron precipitates. Moreover, the HCl acid led to form the poly (acrylic acid). The calcium 

chloride along with the poly (acrylic acid) had created polyacrylamide precipitates as 

shown below (Al-Ameri et al., 2018b). 

• The sodium polyacrylate (-CH2CHCOONa-) of the HPAM (-CH2CHCONH2-

CH2CHCOONa-) is neutralized by the HCl acid leading to produce poly (acrylic 

acid), (C3H4O2) n. 

-CH2CHCO2Na-      +     H+       ®        -CH2CHCOOH-       +        Na+ (4.5) 

The extensive hydrogen bonding between groups of poly (acrylic acid) or 

neighboring polymer chains results in linkages. However, the water is no longer a 

sufficient solvent for the polymer in the presence of this strongly H-bonded complex. 

The result is an immediate crystallization that separates from the aqueous solution. 

                                  ¾ CH ¾ H2C ¾ 
                                        ½ 
                       OH - - O=C 
                       ½               ½                               (4.6) 
                       C =O - - HO 
                       ½ 
   ¾  CH2 ¾ C ¾ 
                       H 

 

• The calcium chloride produced from the carbonate-HCl reaction (Equations 4.1 and 

4.2) lead to precipitate the polymer by bridging two groups of sodium polyacrylate 

on neighboring polymer segments resulting in a non-ionized linkage. 

 



Texas Tech University, Aymen Al-Ameri, August 2019 
 

 
 

74 

                                                                                                              H 
                                 H                                                       ¾  CH2 ¾ C ¾                                                                                                                                                  

     ¾  CH2 ¾ C ¾                                                                       ½ 
                         ½                                                                            C =O 
                         C =O                                                                      ½                                          
                         ½                                                                            O-  Na+ 
                         O-  Na+                                                                   ½ 
                                          +    Ca2+              ®                              Ca           (4.7) 
                         O-  Na+                                                                   ½                                                                      
                         ½                                                                            O-  Na+ 
                         C =O                                                                      ½ 
                         ½                                                                            C =O                                     
     ¾  CH2 ¾ C ¾                                                                        ½ 
                         H                                                         ¾  CH2 ¾ C ¾ 
                                                                                                         H 

 
The shales matrix Nanopores cannot provide an easy movement for the polymer and the 

iron precipitates. Thus, the precipitates are highly likely to affect the matrix permeability 

and also the fluid flow. 

The HCl acid improves both the permeability and porosity of the near fracture face 

matrix. Moreover, the HCl acid is a breaker for the gelled fluids, thereby affecting the 

proppant transport and the effective fracture length and width. Accordingly, injecting slugs 

of a non-ionic surfactant during the main fracturing treatment might be preferred for the 

Eagle Ford formation over pumping slugs of HCl acid. However, the acid slugs could 

release some of the adsorbed gas by dissolving calcite and dolomite crystals as in the case 

of the hydraulic fracturing of Woodford shale, South East Oklahoma (Grieser et al., 2007). 

The non-ionic surfactant was more efficient than the 3 wt.% HCl in enhancing the 

brine permeability of the Marcellus samples. However, the polymer and iron precipitates 

affected more the permeability of the Marcellus samples because of their lower 

permeability and higher heterogeneity in comparison to the Eagle Ford samples. However, 

the low fluid velocity was not sufficient enough to move the precipitates out of the core 

sample. Consequently, multi-stage alternate injection of a non-ionic surfactant during 

fracturing treatment is a recommended option for the Marcellus shale. 
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4.3.3 Scenario 3: Main Treatment after Pad Stage of Fluid2 

In this scenario, the shale core samples were saturated with Fluid2, and then the 

impact of aging them in 3 wt.% HCl on the brine permeability was evaluated. Tables 4.6 

and 4.7 present the results of two runs of this scenario (Al-Ameri et al., 2018b). 

Table 4.6 The results of the flooding experiments for scenario-3, run1 

Formation Sample Base Perm. 
mD 

After First Treatment After Second Treatment 

Fluid Perm. 
mD PRR Fluid Perm. 

mD PRR 

Eagle Ford E2 0.00077 Fluid2 0.000725 -0.06 3% HCl 0.00085 0.1 
Marcellus M2 0.00063 Fluid2 0.0007 0.11 3% HCl 0.000655 0.04 

 
Table 4.7 The results of the flooding experiments for scenario-3, run2 

Formation Sample Base Perm. 
mD 

After First Treatment After Second Treatment 

Fluid Perm. 
mD PRR Fluid Perm. 

mD PRR 

Eagle Ford E6 0.0008 Fluid2 0.00076 -0.05 3% HCl 0.00087 0.09 
Marcellus M6 0.0006 Fluid2 0.00066 0.1 3% HCl 0.00063 0.05 

 

The permeability reduction ratios are shown in Figure 4.9.  
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Figure 4.9 The results of the Permeability Reduction Ratios of scenario-3 

The HCl acid has significantly improved the permeability of the Eagle Ford samples. The 

enhancement of the permeability by the non-ionic surfactant in the first treatment reduced 

the effect of the iron and polymer precipitates. The acid impact on increasing the near 

fracture face porosity and also its role as a breaker for the gelled fluids should be considered 
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when deciding on an acid treatment. However, HCl injection could be a good candidate for 

this scenario because of the significant enhancement of the matrix permeability. 

The HCl acid reduced the brine permeability of the Marcellus samples because of the iron 

and polymer precipitates. However, the effect of those precipitates was significant for the 

Marcellus samples because of their lower permeability and higher heterogeneity. 

Consequently, a multi-stage alternate injection of a non-ionic surfactant during fracturing 

treatment could be the recommended option when considering this scenario. 

4.4 Imbibition Relative Permeability and Capillary Pressure Curves 

4.4.1 Imbibition Relative Permeability Curve 

In this study, the experimental upstream injection pressure versus time relationship 

and the injection rate were used to calculate the water relative permeability curve for the 

case of fluid pumping and imbibition into cleaned and dried shale matrix. The method is 

simply the integration of the relationship of the upstream pressure and the cumulative 

injected water. The next step is to match the water relative permeability generated from the 

Corey equation to the calculated relative permeability to determine the equivalent Corey 

water exponent. The procedure is as follow. 

• Calculate the cumulative water injection till the time of upstream pressure 

stabilization. 

𝑊�+� = 𝑞I� ∗ 𝑡�l��.        (4.8) 

Winj is the cumulative injected water till the pressure stabilization. 

The Winj could be equal or greater than the core pore volume.     

• Calculate the cumulative water injection and the fraction of water injection (wi) at 

each reading step. 

𝑊� = 𝑞I� ∗ 𝑡�         (4.9) 

𝑤� =
��
��F�

         (4.10) 

• Calculate the water saturation at each reading. 
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𝑆I� =
��

���W3k	Q4~k	�43��k
       (4.11) 

• Calculate the area under the curve of pressure vs. wi (Trapezoidal method). 

𝐴𝑟𝑒𝑎� = 𝑤� − 𝑤�;= ∗ 𝑑𝑝�;= + 𝑑𝑝�       (4.12) 

• Calculate the cumulative area ( 𝐴𝑟𝑒𝑎�) up to the wi equal to 1. 

• Calculate the area fraction which represents the water relative permeability curve. 

𝐾~I� = 𝐴𝑟𝑒𝑎�/ 𝐴𝑟𝑒𝑎�       (4.13) 

Therefore, the new Krw equation could be summarized as follow.   

 𝐾~I� =
Q�� I� ¥I�

K�
K�8:

Q�� I� ¥I�
K�8¦�F�
K�8:

       (4.14) 

Where i=1 to n, n is the number of readings.      
  

• Calculate the water relative permeability for different Corey water exponent and 

match the results to the water relative permeability calculated in the previous steps. 

Determine the water exponent that gives better matching. 

𝐾~I §4~kU = 𝐾~I	@	�K©= 	
�K;�K�ªª
=;�K�ªª

+K
     (4.15) 

Where; Krw =1 at Sw=1. 

Swirr= 0 since the samples were cleaned and dried before the flooding experiments. 

The proposed method can also be used to calculate the drainage hydrocarbon relative 

permeability. In this case, Corey gas exponent is determined from matching gas relative 

permeability from Corey equation to the calculated gas relative permeability curve from 

the integration method. 

𝐾~5 §4~kU
= 	𝐾~5	@	�K�

=;�K
=;�K�ªª

+�
      (4.16) 

The upstream pressure versus time relationships for sample E2 (Table 4.2) when injecting 

the brine and the friction reducer fluid are shown in Figure 4.10.  
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Figure 4.10 Upstream pressure verses time relationship of an Eagle Ford sample  

The brine time of breakthrough was 16.5 hours and when injecting the friction reducer 

fluid, the time of breakthrough was 21.5 hours. For the friction reducer fluid injection case, 

the time of breakthrough and the stabilization pressure are higher in comparison to the 

brine injection case because of the permeability reduction caused by the polymer 

adsorption and the higher viscosity of the friction reducer fluid. 

However, the upstream pressure versus time relationship is a curvier (concave) line for the 

friction reducer fluid injection case because of the reduction in the water relative 

permeability curve caused by the polymer adsorption. 

The proposed method of relative permeability calculation was applied to the upstream 

pressure versus time curves shown in Figure 4.10. The results are shown in Figure 4.11. 
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Figure 4.11 Comparison of the suggested method to the Corey equation  

Table 4.8 shows the values of the matched Corey water exponents.  
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Table 4.8 The calculated Corey water exponents from the integration method 

Sample Status 
Water Exponent 

Eagle Ford 
Intact 2.5 

After Poly. Ads. 2.7 

 

The determined Corey water exponents value seem to be low for intact shale samples. 

However, the reason could be attributed to the simultaneous effect of the fluid invasion and 

imbibition under high injection pressure. 

4.4.2 Imbibition Capillary Pressure Curve 

Starting from the irreducible water saturation (Swirr), the imbibition curve can be 

divided into two parts, the spontaneous imbibition or positive part and the forced imbibition 

or negative part as shown in Figure 4.12 (Fleury et al., 1999).  

 
Figure 4.12 Capillary pressure curve for intermediate wet sample (Fleury et al., 1999)  

Unlike the spontaneous imbibition, where the driving force for imbibition is the 

capillary forces only, the forced imbibition is the pressure-driven uptake of a wetting phase 

by a porous medium. There are mainly three methods for measuring the positive imbibition 

curves including; mercury injection, porous plate, and semi-dynamic. These methods have 

various technical advantages and disadvantages, and their discussion is outside of the scope 

of this section. However, the saturation where the capillary pressure is zero and the forced 

imbibition curve are important aspects. The saturation value at zero capillary pressure plays 

an important role in determining the wettability indices. The determination of an accurate 
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saturation at zero capillary pressure is only possible if the water saturation is increased 

gradually, as in the process of capillary dominated displacement. 

The capillary pressure equations were derived from the pressure relationship 

between two fluid phases in a capillary tube in equilibrium (force up = force down).  

The force up equation is defined as (Tiab 2004). 

𝑃§ =
?«K�¬�	(®)

~
        (4.17) 

Where; 

Pc is the capillary pressure 

s is the interfacial tension 

r is the effective radius of the interface. 

q is the wetting angle of the liquid on the surface of the capillary. 

The upper equation shows that the shale formations could have very high capillary values 

because of the very low pore radius. 

The force down equation for capillary pressure of air-water system is (Fanchi 2006). 

𝑃§ = (𝜌I�lk~ − 𝜌��~)𝑔ℎ       (4.18) 

rwater is the water density 

rair is the gas density 

h is the height of the capillary rise. 

However, the capillary pressure is defined as the pressure of the less-dense phase minus 

the pressure of the more-dense phase (Christiansen 2001). 

𝑃§ = 𝑃3k��	¥k+�k − 𝑃�4~k	¥k+�k      (4.19) 

For the air-water system, because of the high density difference, the water pressure required 

to reach zero capillary pressure and the negative part of Figure 4.12 is higher in comparison 



Texas Tech University, Aymen Al-Ameri, August 2019 
 

 
 

81 

to the oil-water system. In other words, the capillary pressure could be in the positive part 

even with the presence of injection pressure. 

In this study, the brine flooding experiments were simulated using ECLIPSE 

reservoir simulator. The main experimental flooding data used as input in the simulated 

model include. 

• Core brine permeability. 

• Time of breakthrough. 

Moreover, the imbibition water relative permeability curves calculated using the proposed 

method were also used in the simulated model. 

The main output of this study part is an approximate imbibition capillary pressure curve 

during the pumping stage of the fracturing fluid (Figure 1.1a) and also during well shut-in 

when the reservoir pressure still higher than its initial value (Figure 1.1b). The imbibition 

capillary pressure curve is a primary aspect that affects the fluid loss during pumping, shut-

in, and also during the fluid flowback and hydrocarbon production. 

The simulated model dimensions were 10, 60, and 102 in the (R, q, Z) directions 

respectively. The simulated core sample was divided into 100 layers while the air and water 

were simulated by massive layers on the top and bottom of the core sample respectively. 

Figure 4.13 shows the simulated core grid model. 

 
Figure 4.13 2D and 3D gridding of the simulated core sample  
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Different capillary pressure curves were considered, and the approximate imbibition 

capillary pressure curves before and after polymer adsorption were determined from 

matching the simulator predicted results to the experimental pressure-time relationship and 

the fluid time of breakthrough as shown in Figure 4.14 for the case of brine injection. 

0

200

400

600

800

1000

1200

0 10 20 30 40

Up
st
re
am

	Pr
es
su
re
	(p
si)

Time	(hour)

Matching	of	Simulation	Results	to	the	
Experimental	Data

exp
pred

 
Figure 4.14 Matching the simulation results to the flooding experimental data  

The determined approximate imbibition capillary pressure is shown in Figure 4.15. 
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Figure 4.15 The calculated imbibition capillary pressure curve for the case of brine injection 

The irreducible water saturation is (0) since the samples were dried to a constant weight 

after cleaning with toluene. The upper figure shows that the capillary curve does not extend 

to the negative capillary imbibition. The reasons could be attributed to the following. 

• The high capillary pressure at initial or irreducible water saturation increases the 

amount of the imbibed water (brine). Thereby reducing the extra pressure (forced 

imbibition) necessary to fill the rest of the empty pores 
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• The low porosity (fluid storage) of the shale causes an easier complete water 

saturation and that also reduces the extra pressure necessary to fill the rest of the 

empty pores. 

• The injected pressure enhances the spontaneous imbibition rate and shift the capillary 

pressure curve to the right. Moreover, it decreases the time of the complete water 

saturation. However, the supplied pressure was not high because of the low fluid 

velocity in shale samples. Therefore, the pressure of the water phase did not surpass 

the pressure of the air phase (Equation 4.19).  

• The samples were highly water wet because of cleaning with toluene. However, the 

results would be different for samples with intermediate water wet or when saturated 

with oil (oil water system) because of the low density difference between the oil and 

the water. 

• The brine flow is through the shale matrix (hydrophilic). However, the results would 

be different if the flow through the organic matter (hydrophobic) is considered. 

Appendix B presents an ECLIPSE input file to determine the approximate imbibition 

capillary pressure curve from the simulation of the brine flooding experiment. 

The imbibition capillary pressure has not determined for the case of injecting a 

friction reducer fluid since the polymer option in ECLIPSE needs be used and different 

unknown parameters need to be assumed. 

4.5 Chapter Conclusions 

The main conclusions of this study part are as follow (Al-Ameri et al., 2018b).  

1- The effect of the pad fracturing fluid type on the near fracture face matrix permeability 

was investigated by injecting friction reducer fluid, friction reducer with a non-ionic 

surfactant fluid into cleaned and dried core samples of shale and low permeability sand 

formations.  Moreover, stimulation of shale samples with 3 wt.% HCl was considered. 

The results showed the following. 

• The polymer adsorption significantly reduced the permeability of the low 

permeability sand samples while it has less effect on the permeability of shale 

samples. Therefore, polymer adsorption reduces both fluid loss and fluid flowback. 
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Moreover, the polymer adsorption could enhance the fluid blocking in the near 

fracture face matrix. 

• The non-ionic surfactant enhanced the permeability of all samples. However, it has 

increased the permeability of the Marcellus samples even higher than the initial base 

values. Consequently, the surfactant increases the fluid loss and also the fluid 

flowback.  

• The aging of shale samples in 3 wt.% HCl has increased the permeability even higher 

than the initial values. However, the acid-shale reaction led to producing iron ferric 

(Fe3+) precipitates that affected the acid treatment results. The aging of the Marcellus 

samples in 3 wt.% HCl acid led to a less impact on increasing the permeability than 

using friction reducer with a non-ionic surfactant fluid. The reason was attributed to 

the effect of the produced iron precipitates. These precipitates have a significant 

impact in reducing the permeability of the Marcellus samples because of their low 

permeability, high heterogeneity, and high pyrite content. However, pumping HCl in 

the pad stage increases the porosity of the near fracture face matrix, thus enhancing 

both the water accumulation in the near the fracture face matrix and the fluid loss into 

the formation. 

2- The scenario of using friction reducer fluid in the pad stage and injecting slugs of a 

non-ionic surfactant or dilute HCl acid during the subsequent fracturing stages was 

investigated. The results showed the following. 

• The adsorbed polymer during the first treatment has reduced the efficiency of the 

non-ionic surfactant on improving the permeability of all samples. Therefore, the 

surfactant has more effect on enhancing the permeability if it is pumped 

simultaneously with the friction reducer fluid. 

• The polymer precipitates produced from the HCl acid-adsorbed polymer has affected 

the efficiency of the HCl acid treatment negatively. Both of the dilute HCl acid and 

the non-ionic surfactant and led to an approximate impact on improving the 

permeability of the Eagle Ford samples.  
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• The HCl treatment was not efficient for the Marcellus samples because of their high 

heterogeneity, and the significant effect of the iron and polymer precipitates. 

Therefore, for the Marcellus shale, injecting slugs of a non-ionic surfactant could lead 

to higher fluid flowback than pumping slugs of HCl acid.  

3- The scenario of using friction reducer with a non-ionic surfactant fluid in the pad stage 

and injecting slugs of HCl acid in the subsequent fracturing stages was investigated. 

The results showed the following. 

• The acid significantly enhanced the permeability of the Eagle Ford samples. 

Therefore, injecting slugs of HCl acid could result in more fluid flowback. However, 

the acid might lead to a more fluid loss because of its effect on enhancing the near 

fracture face matrix porosity. 

• The HCl acid was not efficient on enhancing the permeability of the Marcellus 

samples because of the iron and polymer precipitates and because of the samples high 

heterogeneity and low permeability. Consequently, the acid treatment is not 

recommended for stimulation of the Marcellus Shale. 

4- It is recommended to use a friction reducer with a non-ionic surfactant fluid in the pad 

stage of the Eagle Ford shale and injecting slugs of dilute HCl acid in the next 

fracturing stages. For the Marcellus shale, it is recommended to use a friction reducer 

fluid in the pad stage if low fluid flowback is desired. However, slugs of a non-ionic 

surfactant could be used in the subsequent fracturing stage. The study did not 

recommend using 3 wt.% HCl for the carbonate-rich Marcellus Shale. For the low 

permeability sand formations, it is recommended to use a friction reducer with a non-

ionic surfactant fluid in the pad stage and the other subsequent stages. 

5- The fluid relative permeability curve during pumping was calculated from the 

integration of the pressure versus time relationship. Moreover, the capillary pressure 

curve was determined by simulating the flooding experiments. 
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CHAPTER 5 

NEAR FRACTURE FACE MATRIX DAMAGE DURING WELL 
SHUT-IN 

This part of the study evaluates the damage in the near fracture face region that is 

affected by the spontaneously imbibed fracturing fluid when the reservoir pressure has 

already dropped to its initial value during well shut-in stage (Figure 1.1b). This part could 

also represent the region that is affected by the counter-current capillary imbibition during 

flowback and gas production (Figure 1.1c). 

Spontaneous imbibition experiments, steady-state permeability measurements, 

analytical models, and numerical simulation were integrated to quantify the changes in the 

effective water permeability, capillary pressure, and water relative permeability curves due 

to the polymer adsorption of the spontaneously imbibed fracturing fluid. The effect of the 

non-ionic surfactant and core samples anisotropy on the fluid spontaneous imbibition 

volumes were also investigated. 

To investigate the effect of the polymer adsorption, three comparative systematic 

spontaneous imbibition experiments were conducted for a single core sample using brine, 

anionic friction reducer fluid, and brine again. The core sample brine permeability before 

and after the imbibition experiments was measured using a constant rate steady-state 

permeability apparatus. 

5.1 Spontaneous Imbibition Apparatus and Procedure 

The traditional spontaneous imbibition apparatus presented in the literature 

considers "under-weighing approach" in which the core sample is suspended by a wire 

under a digital scaler to a fluid in a container. The sample could be immersed totally or 

partially in the fluid. The scaler can measure the fluid imbibition rate by a continuous 

recording of the sample weight over time. This setup can accurately measure the imbibition 

rates, even when the total weight of the imbibed fluid is small, or the experiment duration 

is high (Humphrey et al., 1996). However, the main setback of this setup is the buoyancy 

effect when the samples are partially immersed in the fluid. The reduction of the fluid 
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volume in the container over time results in a decline of the fluid buoyancy. Therefore, 

after a certain time, the scaler readings are extremely high and do not reflect the actual fluid 

imbibition rate. When the sample is entirely immersed in the fluid, the effect of buoyancy 

would be minimized. However, the buoyancy is also affected by the small volume change 

when the imbibed fluid in the sample starts to exchange and mix with that out of the sample. 

Accordingly, the density of the fluid out of the sample will change continuously and affect 

the buoyancy (Zhou 2015). 

In this study, the traditional fluid imbibition setup was modified to minimize the 

effect of buoyancy on the scaler readings as shown in Figure 5.1. 

 
Figure 5.1 The apparatus and schematic diagram of the imbibition experiment 

The measurement procedure steps can be summarized as below (Al-Ameri et al., 2018d). 

1. The core sample was cleaned with toluene vapor using a Dean Stark setup and then dried 

to a constant weight at 100°C in a conventional or humidity lab oven. 

2. The core sample initial mass was measured prior to the experiment.  

3. Dutta et al. (2014) showed that the fluid imbibition occurs only from the bottom part of 

the core sample as shown in Figure 5.2.  

	
Figure 5.2 Leak-off and migration of fracturing fluid into the formation (Dutta et al., 2014) 
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The current apparatus tried to mimic this concept by holding the sample in a rubber 

sleeve to prevent the peripheral fluid imbibition. A clamp was used to fasten the rubber 

sleeve on the core sample close to the fluid inlet to prevent the fluid flow through the 

space between the core sample and the rubber sleeve. 

4. The core sample with the rubber sleeve was held with a clamp that was attached to a lab 

support stand. The clamp was moved down carefully until the core sample was partially 

immersed in the 3 wt.% KCl. Then, the clamp was fixed to mitigate the buoyancy effect.  

5. The fluid mass variation over time was measured using a scaler with an accuracy of ± 

0.0001 gm. The scaler was connected to the computer for an automatic data acquisition. 

6. The mass of the imbibed fluid was calculated by subtracting the initial fluid mass (after 

sample immersion) from the scaler mass readings during the imbibition experiment.  

7. After the imbibition experiment, the sample was taken out of the rubber sleeve and 

cleaned with toluene to displace the imbibed fluid out of the sample and to minimize the 

wettability effect on the fluid imbibition. The core sample was then dried to a constant 

weight at 100°C to get rid of any remaining fluid.  

8. Steps 3 through 7 were repeated using the same core sample and Fluid1(friction 

reducer fluid). 

9. Steps 3 through 7 were repeated using the same core sample and brine. 

5.2 Results and Discussion 

5.2.1 Polymer Adsorption Effect on the Brine Spontaneous Imbibition 

The results of the three considered spontaneous imbibition experiments for core samples 

parallel to the bedding plane are presented in Figure 5.3 (Al-Ameri et al., 2018d and Al-

Ameri et al., 2018e). 
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Figure 5.3 Effect of polymer adsorption on the brine imbibition rate 

The black solid lines show the normalized imbibition weights of Fluid1, while the blue 

large and red small dotted lines are the normalized imbibition weights of the brine before 

and after polymer adsorption respectively. The normalized weight is the imbibed volume 

divided by the core sample pore volume. The green arrows present the time difference due 
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to the polymer adsorption calculated when the normalized weight is equal to one (imbibed 

fluid volume is equal to one core sample pore volume).  

The results showed the existence of the problem of high scaler readings even though the 

used setup has tried to mitigate the effect of buoyancy. The reason was might be because 

of exchanging the fluid in the core with that out of the core. The fluid exchange was likely 

to happen when the sample was highly filled with the imbibed fluid. Therefore, the fluid 

gravity effect was acted against the capillarity effect.  However, the high scaler readings 

indicated that the gravity effect was higher than the capillarity effect. Moreover, the density 

of the fluid moving out of the sample could be higher because of the ion-exchange with the 

sample minerals. 

In this study, the residual resistance factor (RRF) was used to quantify the near 

fracture face matrix permeability damage caused by the imbibed fracturing fluid. 

  𝑅𝑅𝐹 = �K�
�K�

         (4.4) 

Substituting Equation 2.6 into Equation 4.4 yields 

 𝑅𝑅𝐹 = JK� ∆Q�
JK� ∆Q�

        (5.1) 

Since Dp is constant for the brine spontaneous imbibition experiments, Equation 5.1 can 

be reduced to. 

 𝑅𝑅𝐹 = JK�
JK�

          (5.2) 

Where Qwi and Qwa are the stabilized imbibition rates before and after polymer adsorption 

respectively. 

The stabilized rates and times were determined when the brine imbibition volume was 

equal to one pore volume. Table 5.1 summarizes the results of the spontaneous imbibition 

experiments (Al-Ameri et al., 2018d and Al-Ameri et al., 2018e). 
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Table 5.1 Effect of polymer adsorption on the brine imbibition rate 

Sample Pore Vol. 
cm3 

Stabilized Time 
Before Pol. Ads. 

hour 

Stabilized Time 
After Pol. Ads. 

hour 

Qwi 
cm3/hr. 

Qwa 
cm3/hr. 

DQw/ Qwi 
% RRF 

Eagle Ford 5 45 51.8 0.111 0.097 13 1.15 
Marcellus 4.3 41.6 46 0.1 0.093 9.5 1.1 

Barnett 4 100 108 0.04 0.037 7.5 1.08 
Scioto 12.45 3.2 5.4 3.89 2.31 41 1.69 

Crab Orch. 6.5 4.7 5.8 1.383 1.121 19 1.23 

 

Since the Marcellus sample had more carbonate (positive charge) content than the Eagle 

Ford sample, a more anionic polymer was expected to be adsorbed on the grain surfaces 

thereby reducing more the imbibition rate. However, the results showed that the polymer 

adsorption had a more significant effect on the Eagle Ford sample. The reason was mostly 

attributed to the Eagle Ford sample’s higher porosity, the presence of clay, and the higher 

impact of the bedding planes. The bedding planes have a higher ability for polymer 

adsorption than the matrix because of their homogeneity that increase their surface area for 

polymer adsorption.   

The polymer adsorption led to a significant decrease in the imbibed brine volumes into the 

Scioto core samples. The reason was attributed to the illitic clay layer prone to adsorb the 

polymer. Clays are fine particles which create a high surface area for polymer adsorption.  

Unal et al. (2015) showed that the presence of clays restricts the adsorption of polymers 

onto the surfaces of other larger grains that have a smaller surface area. Consequently, the 

existence of the clay layer within Scioto samples had enhanced the polymer adsorption 

since the size of the quartz grains is larger than the size of the clay minerals grains.  

The brine imbibition rate into the Barnett shale samples was lower in comparison to the 

Eagle Ford and the Marcellus samples despite that the Barnett samples had higher clay 

content. The reasons were attributed to the Barnett samples lower porosity, lower carbonate 

content, and lower bedding planes effect. As a result, the petrophysical properties of the 

shale formations impacting more the fracturing fluid spontaneous imbibition than the 

mineralogical composition. However, the smectite clay could have a different impact on 

polymer adsorption. Moreover, the clay presence in the low permeability sand samples 
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have a significant effect on the polymer adsorption because of the fine sizes of the calcite 

and quartz grains. Therefore, the mineralogical composition of the low permeability sand 

formations impacting more the fracturing fluid spontaneous imbibition than the 

petrophysical properties. 

The low clay and high quartz (negative charge) contents within the Crab Orchard samples 

minimized the impact of the polymer adsorption on reduction the brine imbibition rates. 

Despite their lower porosities, the Crab Orchard samples were affected more by the 

polymer adsorption than the shale core samples did. The reasons were attributed to Crab 

Orchard samples homogeneity and higher permeability.  

The water (brine) permeability after the three imbibition experiments was calculated using 

the steady-state water permeability apparatus (Figure 2.18). Thus, the Residual Resistance 

Factor can be calculated from Equation 4.4. The results are shown in Table 5.2 (Al-Ameri 

et al., 2018d and Al-Ameri et al., 2018e). 

Table 5.2 The calculated RRF from the brine permeability measurements 

Sample Brine Permeability 
md RRF 

Eagle Ford 0.00079 1.14 
Marcellus 0.00062 1.13 

Barnett 0.000185 1.08 
Scioto 0.03 1.67 

Crab Orchard 0.008 1.25 

 

The RRF results match the values calculated from the spontaneous imbibition experiments. 

Consequently, the simple apparatus of the spontaneous imbibition could be used to 

calculate the core water permeability after polymer adsorption, as in Equation 5.3. 

𝐾I� = 𝐾I� 	
JK�
JK�

        (5.3) 

5.2.2 Spontaneous Imbibition Potential 

Numerous one-dimensional models have been proposed for the liquid spontaneous 

imbibition in porous media (Handy 1960; Li and Horne 2000; Li and Horne 2002; Fries 

and Dreyer 2008; Cai et al., 2012; Cai et al., 2014; Nia and Jessen 2015).  
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Handy (1960) explained that the velocity of the waterfront in a piston-like 

imbibition process into vertical core sample is as follow. 

 𝑉I? =
?QN		�K∅	ONc	�K

LK
𝑡        (5.4)  

Where Kw is the water permeability behind the front, and Sw is the front water saturation. 

The core area (Ac), core porosity (f), and water viscosity (µw) are constant and known 

values. Moreover, the plot of the imbibed water volume versus square root of time results 

in a linear relationship with a slope proportional to the square root of the (Pc Kw Sw). 

However, the imbibition potential is defined as the product of these unknowns. 

 (𝑃§	𝐾I𝑆I) =
²cLK
?∅	ONc

         (5.5) 

Where l is the slope of the imbibed water volume versus square root of time, 𝜆 = ∆�K
∆ l

. 

This study considered the imbibition potential because it provides a way to quantify the 

imbibition rate from known values (l, Ac, f, µw). Moreover, it can be used as a simple way 

to calculate the imbibition capillary pressure curves if the water permeability is measured 

independently (Handy 1960). Equation 5.5 shows that the imbibition potential is 

proportional to the capillary pressure and rock water permeability and inversely 

proportional to the rock porosity. The calculated imbibition potentials are presented in 

Table 5.3. 

Table 5.3 The calculated imbibition potentials from Handy model 

Core Sample Status of Poly. Ads. Imbibition Potential 
psi. md 

Eagle Ford 
Before 1.02 
After 0.973 

Marcellus 
Before 0.816 
After 0.769 

Barnett 
Before 0.042 
After 0.04 

Scioto 
Before 6.9 
After 5 

Crab Orchard 
Before 2.45 
After 2.2 
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In comparison to the shale samples, the low permeability sand samples had higher 

imbibition potentials because of their higher water permeability and porosity.  

5.2.3 Effect of a Non-ionic Surfactant on the Fluid Spontaneous Imbibition 

The impact of adding a non-ionic surfactant to the friction reducer fluid on the 

imbibition rates was evaluated by considering the spontaneous imbibition of Fluid2 into 

cleaned and dried samples. Figure 5.4 shows the imbibed weights of Fluid2, Fluid1, and 

brine into cleaned and dried intact samples of shale and low permeability sand samples 

(Al-Ameri et al., 2018d and Al-Ameri et al., 2018e). 
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Figure 5.4 Impact of a non-ionic surfactant on the fluid imbibition rate 

The red fine dotted lines represent the normalized imbibition weights of Fluid2 while the 

blue coarse dotted lines represent the normalized imbibition weights of Fluid1. The black 

solid lines are the brine normalized imbibition weights. The normalized weight is the 

imbibed volume divided by the core sample pore volume. The green arrows show the time 

difference due to the surfactant impact measured when the imbibed volume is equal to one 

core pore volume. Table 5.4 summarizes the results (Al-Ameri et al., 2018d and Al-Ameri 

et al., 2018e). 

Table 5.4 Impact of a non-ionic surfactant on the fluid imbibition rate 

Formation 
Fluid1  

Stab. Time 
hour 

Fluid2  
Stab. Time 

hour 

QFluid2 
cm3/hr. 

QFluid1 
cm3/hr. 

DQ/ QFluid1 
% QFluid2/QFluid1 

Eagle Ford 66.6 59.5 0.084 0.075 12 1.12 
Marcellus 59 49.5 0.087 0.073 19.2 1.19 

Barnett 150 125 0.032 0.0267 19.9 1.2 
Scioto 7.9 7 1.78 1.58 12.7 1.13 

Crab Orch. 8.8 6.6 0.98 0.74 32.4 1.33 

 

The results showed that the non-ionic surfactant had more impact on enhancing the 

imbibition weight when the polymer adsorption had less effect on decreasing it. For 

instance, the existence of bedding planes and clay in the core sample had increased its 

capacity to adsorb the polymer.  Thus, the non-ionic surfactant had less effect in improving 

the imbibition rate as in the case of Eagle Ford and Scioto samples. Contrarily, the effect 

of the adsorbed polymer was less for the Marcellus and Crab Orchard samples; thus, the 

impact of the non-ionic surfactant was higher. 
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It is worth noting that the non-ionic surfactant increased the fluid imbibition rate into the 

shale and low permeability sand samples even though the surfactant reduces the capillary 

pressure. The reason is that the surfactant reduces the effect of the polymer adsorption on 

the water permeability and water relative permeability. Moreover, the surfactant reduces 

the rock initial water saturation and the water relative permeability.  

The high imbibition rates of the brine were attributed to its lowest viscosity and the absence 

of the polymer adsorption effect. However, during hydraulic fracturing, a friction reducer 

should be added to the brine. 

As a result, the non-ionic surfactant increases the fracturing fluid loss during pumping 

(invasion and co-current capillary imbibition) and also during shut-in and gas production 

(counter-current capillary imbibition). Furthermore, the surfactant increases the fluid 

flowback because of its effect on enhancing the water permeability and reducing the 

capillary pressure of near fracture face matrix. 

5.3 Effect of the Rock Anisotropy on the Polymer Adsorption 

During hydraulic fracturing, microfractures are commonly generated and extended 

from the main fracture into the formation. The microfractures tend to be perpendicular to 

the main fracture because of the rock stress contrast. Contrarily to the main fracture, the 

flow direction of the imbibed fluid from the microfractures would be orthogonal to the 

bedding planes. Figure 5.5 shows the rock-fluid contact surfaces orientation according to 

the direction of the bedding planes in a typical hydraulically fractured horizontal well 

(Makhanov et al., 2012). 

 
Figure 5.5 Fluid imbibition with respect to bedding plane (Makhanov et al., 2012) 
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To investigate the impact of the bedding planes direction on the rock’s capability to adsorb 

the polymer, shale and low permeability sand samples orthogonal to the bedding plane 

were used in the spontaneous imbibition experiments. The results are presented in Figure 

5.6 (Al-Ameri et al., 2018d and Al-Ameri et al., 2018e). 
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Figure 5.6 Effect of anisotropy on the rock ability for polymer adsorption 
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The black solid lines show the normalized imbibition weights of Fluid1, while the blue 

large and red small dotted lines are the normalized imbibition weights of the brine before 

and after polymer adsorption respectively. The normalized weight is the imbibed volume 

divided by the core sample pore volume. The green arrows present the time difference due 

to the polymer adsorption calculated when the imbibed fluid volume was equal to one core 

sample pore volume. Table 5.5 summarizes the results (Al-Ameri et al., 2018d and Al-

Ameri et al., 2018e). 

Table 5.5 Effect of anisotropy on the rock ability for polymer adsorption 

Formation 
Time of Stab. Rate 

Before Pol. Ads. 
hour 

Time of Stab. Rate 
After Pol. Ads. 

hour 

Qwi 
cm3/hr. 

Qwa 
cm3/hr. 

DQw/ Qwi 
% RRF 

Eagle Ford 51.3 53 0.097 0.094 3.2 1.03 
Marcellus 49.8 51 0.086 0.084 2.3 1.02 

Barnett 108 111 0.037 0.036 2.7 1.03 
Scioto 3.7 4.3 3.36 2.9 14 1.16 

Crab Orch. 5.2 5.6 1.25 1.161 7 1.08 

 

The results showed that when the flow direction of the imbibed fluids is perpendicular to 

the bedding planes, the polymer adsorption has less impact on reducing the imbibition rate. 

Therefore, the results supported the conclusion that the bedding plane has a higher 

capability for polymer adsorption than the matrix because of its homogeneity and high 

surface area. However, when the flow is perpendicular to the bedding planes, the fluid 

passes through fewer intervals of the bedding plane.  

Because of its less cross-bedding, the effect of the rock anisotropy on the polymer 

adsorption would be less for the Barnett sample than the Eagle Ford or Marcellus samples. 

However, the impact of polymer adsorption on the imbibed fluid rate into the Marcellus 

sample was higher due to the higher porosity and permeability. Therefore, the 

petrophysical properties of the shale formations have more effect on the polymer 

adsorption than the rock anisotropy. 

5.4 Imbibition Capillary Pressure Curves 

The Handy model (1960) assumed that the liquid imbibition occurs in a piston-like 

displacement and the pressure gradient in the gas phase ahead of liquid front could be 
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neglected. However, for piston-like manner, the water relative permeability (Krw) behind 

the front can be approximated by 1.0. Therefore, the Kw in the imbibition potential term (Pc 

Kw Sw) is the water permeability (Handy 1960). 

Since the water permeability (Kw) was measured independently from the constant rate 

steady state method (Figure 2.18), the imbibition capillary pressure curve could be 

determined simply from the imbibition potential (Handy 1960). The calculated imbibition 

capillary curves before and after polymer adsorption are shown in Figure 5.7 (Al-Ameri 

et al., 2018d and Al-Ameri et al., 2018e). 
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Figure 5.7 Effect of polymer adsorption on the imbibition capillary pressure 

The blue solid curves show the water-air capillary pressure curves before polymer 

adsorption while the red dotted curves represent the water-air capillary pressure curves 

after polymer adsorption.  

The low permeability sand samples showed higher capillary pressure values than the shale 

samples, and that could explain their higher imbibition potentials. However, the threshold 

pressure was high for all samples because of the low permeability. 

The polymer adsorption reduces the size of interconnected pore spaces, thereby enhancing 

the rock capillarity. However, the results showed that the polymer adsorption has an 

insignificant impact on increasing the capillary pressure curves. The reason might be 

attributed to the little amount of polymer that the core samples grains had exposed to during 

the imbibition experiments. The imbibed fluid volume is approximately equal to one core 

pore volume. However, the polymer adsorption had more impact on the capillary pressure 

of the low permeability sand samples because of their higher porosity and permeability 

(petrophysical properties). The calculated capillary pressure curves were extended to water 

saturation of 20% for the Scioto sample and 30% for the Crab Orchard, Eagle Ford, and 

Marcellus samples. The assumed saturations do not represent the initial or irreducible water 

saturation since the core samples were dried to a constant weight. 

The calculated capillary pressure curves for the shale samples (flooding simulation) in 

chapter 4 seem to be identical to the above-estimated imbibition capillary pressure curves. 
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However, the capillary pressure curves of chapter 4 were extended to 0% water saturation. 

As a result, the injection pressure does not affect the imbibition capillary pressure. 

5.5 Imbibition Water Relative Permeability Curves 

The concept of reservoir simulation “history matching” was considered to construct 

the imbibition relative permeability curves before and after polymer adsorption. Typically, 

the history matching concept is used to validate and improve the reservoir simulation 

models by matching their results to actual field data. The relative permeability curves are 

among the input data that can be adjusted to improve the matching process. 

ECLIPSE reservoir simulator was used to simulate the spontaneous imbibition 

experiment. The model dimensions were 10, 60, and 102 in the R, theta, and Z respectively. 

The core sample was simulated with 100 layers, while the water and air were simulated by 

large layers on the bottom and top of the sample respectively. The calculated imbibition 

capillary pressure and water permeability curves before and after polymer adsorption were 

used as input data for the simulated model. Corey model was used to generating multiple 

water relative permeability curves using various values for the water exponent (nw). The 

imbibition water relative permeability curves before and after polymer adsorption were 

determined when the simulation results match the data of the spontaneous imbibition 

experimental as shown in Figure 5.8 (Al-Ameri et al., 2018d and Al-Ameri et al., 2018e). 
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Figure 5.8 Matching the simulation results to the imbibition experimental data 

An example of the ECLIPSE input file used to calculate the imbibition water relative 

permeability curve is presented in Appendix C. 

Table 5.6 presents the Corey water exponents that led to matching the simulation results 

with the spontaneous imbibition experiments before and after polymer adsorption (Al-

Ameri et al., 2018d and Al-Ameri et al., 2018e). 

Table 5.6 Effect of polymer adsorption on the brine relative permeability 

Sample Status of Poly. Ads. Corey Water 
Exponent 

Eagle Ford Before 4 
After 5 

Marcellus Before 4 
After 5.3 

Barnett Before 3 
After 3.4 

Scioto Ohio Before 2.2 
After 5.5 

Crab Orchard Before 6 
After 9 
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The imbibition water relative permeability curve was the highest (lowest nw) for the Scioto 

sample, and that contributed to its high imbibition potential.  However, the effect of 

polymer adsorption on the shale water relative permeability curves was less than its effect 

on the low permeability sand samples that have lower pore volume (fluid storage capacity).  

The calculated Corey water exponents for intact shale samples in chapter 4 (Table 4.8) are 

lower than the calculated values shown the above table. The reasons could be attributed to 

the high injection pressure and the simultaneous effect of fluid invasion and imbibition 

when considering the flooding experiments.  

The effect of the polymer adsorption on reducing the water relative permeability curves 

decreases both of the fracturing fluid loss into the formation and fluid flowback.  

5.6 Chapter Conclusions 

The main conclusions of this study part are as follow (Al-Ameri et al., 2018d and Al-

Ameri et al., 2018e).  

1- The polymer adsorption during the spontaneous imbibition of the fracturing fluid 

significantly reduces near-fracture face water permeability in low permeability sand 

formations, and the effect is less in the shale formations. 

2- The calculated residual resistance factor from the spontaneous imbibition experiments 

matched well the calculated values from the water permeability measurements. 

3- The non-ionic surfactant increases the fluid imbibition during pumping, shut-in, 

flowback, and long-term gas production. Moreover, the non-ionic surfactant improves 

the fluid flowback. 

4- The polymer adsorption had less effect on the fluid imbibition rate when the flow 

direction of the imbibed fluid was orthogonal to the bedding planes. The reason was 

attributed to the prone of the bedding to adsorb the polymer. However, when the flow 

is perpendicular to the bedding planes, the fluid passes through fewer intervals of 

bedding planes. 

5- The imbibition potentials (Pc.Kw.Sw) was used to calculate the imbibition capillary 

pressure curves before and after polymer adsorption. The polymer adsorption slightly 
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increased the capillary pressure curves of the shale samples, and the effect was higher 

on the imbibition capillary pressure of the low permeability sand samples. 

6- The spontaneous imbibition experiment was simulated using ECLIPSE simulator, and 

the imbibition water relative permeability curves were determined by matching the 

simulation results to the imbibition experiments data. The effect of the polymer 

adsorption was less on the water relative permeability of the shale samples than the on 

the water relative permeability of the low permeability sand samples.  

7- The impact of the polymer adsorption on reducing the water permeability and water 

relative permeability curves leads to higher fluid loss due to counter-current capillary 

imbibition and less fluid flowback. However, the polymer adsorption enhances the 

fluid blocking in the near fracture face matrix. 

8- Despite that the polymer adsorption has no impact on the gas relative permeability 

curve, it decreases the gas production because of the polymer adsorption impact on 

increasing fluid saturation in the near fracture face matrix. 
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CHAPTER 6 

SECTOR MODELING OF A HYDRAULICALLY FRACTURED 
WELL 

The main objective of the simulation study was to investigate the effect of the 

fracturing additives on the fluid flowback, fluid loss during pumping, fluid imbibition 

during shut-in, and fluid counter-current capillary imbibition during flowback and long-

term production. However, the impact of the shut-in stage duration on the hydraulic 

fracturing was considered. The results are essential for optimizing of hydraulic fracturing 

design in the shale formations to mitigate the problems of polymer adsorption and water 

blocking. As for the experimental part, the simulation study considered different types for 

the pad fluids including; friction reducer fluid, friction reducer with a non-ionic surfactant 

fluid and 3 wt.% HCl acid.  

The data availability and quality significantly affect the constructed simulation 

model and its results. Therefore, in this study, the data acquired from the experimental parts 

were exported to the simulated models to reduce their concerning uncertainties. A 

simulation sector modeling for a hydraulically fractured vertical well in a shale formation 

was constructed to investigate the effect of the fracturing additives on the fluid flowback 

and fluid loss during and after hydraulic fracturing. A sensitivity analysis was considered 

to examine the impact of the reservoir capillary pressure, reservoir pressure, incomplete 

fluids thermal degradation, and the presence of natural fractures on the fluid flowback and 

fluid loss due to counter-current capillary imbibition. Moreover, the effect of the 

permeability jail on the fluid flowback and gas production was also investigated. 

6.1 Reservoir Simulation- Sector Modeling 

Sector modeling was considered to simulate a hydraulically fractured well in a shale 

formation (Al-Ameri et. al., 2018f). Two simulation parts were considered. The first 

simulated the pumping and shut-in stages. While the second part simulated the fluid 

flowback and long-term gas production. However, the primary goal of both simulation 

parts was to investigate the impact of the fracturing additives on the following aspects.  
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• Fluid loss and invasion distance from the fracture face during pumping and shut-in. 

• Fluid flowback and long-term cumulative gas production. 

• Long-term fluid loss due to counter-current capillary imbibition. 

• Hydraulic fracturing design including shut-in duration and fracturing additives types.   

The results can be used as important aspects for the hydraulic fracturing design based 

on evaluating the impact of the fracturing additives on the near fracture face matrix during 

fracturing fluid invasion and imbibition during pumping, and fluid imbibition during 

flowback, shut-in, and long-term production. 

The anticipated complexity of the simulated model was significantly reduced in this 

study. The model was three dimensional, two-phase (water and gas), and a field sector 

model. The model covered a quarter of the full field area (Figure 6.1) to reduce the number 

of cells within the model and to keep small run times. 

 
Figure 6.1 Study area within a typical fluid distribution after well shut-in 

6.1.1 Model Geometry Data 

The reservoir and fracture geometrical data are presented in Table 6.1. 

Table 6.1 Reservoir and fracture geometries data 

Formation depth, ft 7000 
Reservoir thickness, ft 200 
Fracture thickness, ft 200 
Fracture width, inch 0.6 
Drainage area length, ft 2100 
Fracture half length, ft 600 
Penetration ratio* 0.286 

                                                        *  Fracture half-length / drainage radius  
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6.1.2 Gridding and Grids Refinement  

The model comprised of 15, 9 and 20 grids in the x, y and z directions respectively. 

The layer thickness impacts the file size of the model. The very thin layer thickness will 

result in a large number of total cells and longer computation times. Conversely, too thick 

of a layer thickness will result in a loss of definition of important flow control features, 

thus negating their capture in the dynamic model. 

Local grid refinement (LGR) was considered to refine the grids close to the near 

fracture face including the invaded (during pumping) and imbibition (during shut-in) 

regions. The grids dimensions after refinement were 122, 23 in the x and y directions 

respectively. The grid model is shown in Figure 6.2.  

  
                                           (a)                                                                               (b) 

Figure 6.2 (a) 3D Gridding model, (b) 2D view of the simulated regions 

The reservoir model tracks changes in pressure and water saturation through time. 

Therefore, managing the number of cells within the model is necessary to keep the 

computer files and processing times at a reasonable level. 

The model composed of three regions including the fracture, near fracture face 

matrix, and the farther intact matrix. The near fracture face matrix was subdivided into the 

invasion region during pumping, and the imbibition region fluid well shut-in. A vertical 

well was considered to be located in the refined cell (1, 1, 1). It was defined as an injection 

well during pumping and production well during flowback and gas production. The 

Injection bottom hole pressure was 8000 psi and the minimum bottomhole pressure during 

flowback and gas production was 1000 psi. 
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6.1.3 Reservoir and Fracture Petrophysical Properties 

Constant petrophysical properties were considered for each of the fracture and the 

intact matrix, and that significantly reduced the complexity of the simulated model. The 

petrophysical properties of the reservoir and fracture are shown in Table 6.2.  

Table 6.2 Reservoir and fracture petrophysical properties 

Intact matrix permeability, Nano Darcy (nD) 770 
Intact matrix porosity, % 8 
Intact matrix irreducible (initial) water saturation, % 30 
Intact matrix Corey water exponent 2.5 
Fracture porosity, % 50 

 

The initial water saturation of the reservoir was considered to be equal to the irreducible 

water saturation. Therefore, the effect of the sub-irreducible water saturation phenomena 

on the fluid flowback and fluid loss was not considered in this study. 

The fracture water and gas relative permeability curves were represented by straight 

lines (Corey exponents equal to 1). The anticipated pumping duration was six hours while 

the shut-in times were considered as one day, one week, two weeks, and one month.  

The near fracture face matrix damage causes by the invaded fluid during pumping 

is more severe than the matrix damage caused by the imbibed fluid during shut-in. The 

invaded region is closer to the fracture, and also more fluid volume is passing through it 

(more than one pore volume). Therefore, different pertophysical properties were assigned 

to the invasion and imbibition regions. Moreover, the imbibition SCAL data for the 

simulation of pumping and shut-in stages was considered separate from that assigned to 

the simulation of fluid flowback and gas production (drainage SCAL data). However, 

during pumping and shut-in, the fluid is invaded and spontaneously imbibed into intact 

(undamaged) matrix while during flowback and production, the fluids are flowing through 

a damaged matrix. Moreover, the fluid in the near fracture face matrix is also spontaneously 

imbibed deeper into intact matrix during fluid flowback and production due to the impact 

of the counter-current capillary imbibition. The considered scenarios and their SCAL data 

are presented below (Al-Ameri et al., 2018f). 
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6.1.3.1 Scenario-1: Friction Reducer Pad Fluid.  

In this scenario, the damage in the near fracture face matrix caused by the polymer 

adsorption during pumping and shut-in was considered. Table 6.3 summarizes the main 

parameter values of the near fracture face region (Al-Ameri et al., 2018f).  

Table 6.3 Near fracture face matrix- Main parameter values of scenario-1 

Invaded region matrix permeability, nD 655 
Imbibition region matrix permeability, nD 690 
Intact region Corey water exponent, Pumping and Shut-in 2.5 
Invaded region Corey water exponent, Pumping and Shut-in 4 
Imbibition region Corey water exponent, Pumping and Shut-in 3 
Invaded region Corey water exponent, Flowback and Production 6 
Imbibition region Corey water exponent, Flowback and Production 5 
Corey gas exponent 4 
Irreducible water saturation, % 30 

 

The results of scenario-1 of chapter-4 showed that the polymer adsorption reduces the brine 

permeability of shale samples by about 15%. Therefore, the permeability of the invaded 

region was considered to be 655 nD. Moreover, the outcomes of chapter-5 (imbibition) 

showed that the polymer adsorption reduces the shale brine permeability by about 10%. 

Accordingly, the permeability of the imbibition region was considered to be 690 nD. 

The results of chapter-5 showed that the polymer adsorption reduces the water imbibition 

rate or volume into intact core samples. Therefore, the Corey water exponents during 

pumping and shut-in were considered to be increased from 2.5 for the intact rock to 4 and 

3 for the invaded and imbibition regions respectively. However, during flowback and 

production, the Corey water exponents for the invaded and imbibition regions were 

considered to be 6 and 5 respectively because of the hysteresis effect (drainage).  

 There are multiple studies showed that the polymer adsorption does not affect the 

hydrocarbon relative permeability. Therefore, in this study, the Corey gas exponent was 

considered to have a constant value (4) during all stages  

Moreover, the results of chapter-5 showed that the polymer adsorption has an insignificant 

effect on the imbibition capillary pressure of the shale matrix. Therefore, one capillary 
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pressure curve was assigned for the damaged and intact rock matrix. The calculated 

capillary pressure curve in section 4.4.2 (Figure 4.15) was used after de-normalizing to 

irreducible water saturation equal to 30% using the following equation. 

𝑆I = 𝑆I�~~ + 𝑆I∗ 1 − 𝑆I�~~        (6.1) 

Where Swirr is the irreducible water saturation. 𝑆I∗  and Sw are the experimental and de-

normalized water saturations respectively. 

The water relative permeability endpoint is high for the gas-water system. However, the 

accurate determination of the water relative permeability endpoint is not crucial for the 

simulation of fracturing fluid invasion and flowback since the fluid saturation after shut-in 

is expected to be highly reduced by the effect of the high shale capillary pressure. In this 

study, the water relative permeability endpoint was considered to be equal to 1.  

Figure 6.3 shows the gas and water relative permeability and the capillary pressure curves 

during pumping and shut-in, and during flowback and production (Al-Ameri et al., 2018f). 
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Figure 6.3 Relative permeability and capillary pressure curves of scenario-1 
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6.1.3.2 Scenario-2: Friction Reducer with a Surfactant Pad Fluid 

This scenario investigated the impact of adding a non-ionic surfactant to the friction 

reducer fluid on the fluid loss, fluid imbibition, and fluid flowback. The results of chapters-

4 and 5 showed that the non-ionic surfactant enhances the permeability of the shale 

samples. Therefore, in this scenario, it was considered that adding a non-ionic surfactant 

to the friction reducer fluid enhances the shale permeability to its initial base value. 

The results of chapter-5 showed that adding a non-ionic surfactant to the friction 

reducer fluid enhances its imbibition rate into intact shale samples. Therefore, the effect of 

the non-ionic surfactant on the formation capillary pressure and also the irreducible water 

saturation is considered to be negligible during pumping and shut-in stages. However, the 

effect of the non-ionic surfactant was reflected in the simulation of flowback and 

production by considering the following aspects for the near fracture face region. 

• Reduction in the capillary pressure curve. 

• Reduction in the irreducible water saturation.   

Table 6.4 presents the main parameter values of this scenario (Al-Ameri et al., 2018f).  

Table 6.4 Near fracture face matrix- Main parameter values of scenario-2 

Matrix permeability (invasion and imbibition), nD 770 
Corey water exponent (invasion and imbibition), Pumping and Shut-in 2.5 
Irreducible water saturation (invasion and imbibition), Pumping and Shut-in, % 30 
Corey water exponent (invasion and imbibition), Flowback and Production 4 
Invaded region irreducible water saturation, Flowback and Production, % 20 
Imbibition region irreducible water saturation, Flowback and Production, % 25 
Corey gas exponent 4 

 

The capillary pressure and the irreducible water saturation for the invaded and imbibition 

regions during flowback and production were assumed since they did not measure 

experimentally in this study. 

The Corey water exponent of the invaded and imbibition region was equal to 4 because of 

the hysteresis effect. Moreover, the reduction in the irreducible water saturation leads to an 

enhancement in the gas production.  
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Figure 6.4 shows the gas and water relative permeability curves, and capillary pressure 

curves during pumping and shut-in, and fluid flowback and gas production (Al-Ameri et 

al., 2018f). 
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Figure 6.4 Relative permeability and capillary pressure curves of scenario-2 

6.1.3.3 Scenario-3: 3 wt.% HCl Pad Fluid 

This scenario considered the stimulation of the near fracture face matrix 

permeability using 3 wt.% HCl during the pad stage. The acid enhances the matrix porosity 

and permeability by dissolving the calcite materials within the shale formation. Moreover, 

the acid dissolves the adsorbed polymer on the surfaces of the rock grains. Therefore, the 

water relative permeability for this scenario was considered the same as for the intact rock. 

Moreover, the HCl acid was considered to have any effect on the near fracture face 

capillary pressure. The main parameter values of this scenario are shown in Table 6.5 (Al-

Ameri et al., 2018f). 
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Table 6.5 Near fracture face matrix- Main parameter values of scenario-3 

Matrix permeability (invasion and imbibition), nD 900 
Matrix Porosity (invasion and imbibition), % 9 
Corey water exponent (invasion and imbibition), Pumping and Shut-in 2.5 
Corey water exponent (invasion and imbibition), Flowback and Production 4 
Corey gas exponent 4 
Irreducible water saturation, % 30 

 

Figure 6.5 shows the relative permeability curves during pumping, shut-in, flowback and 

production (Al-Ameri et al., 2018f).  
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Figure 6.5 Relative permeability curves of scenario-3 

6.2 Reservoir Fluids Properties 

A dry gas was considered to be the reservoir fluid. The fluid physical properties in 

the fracture and near fracture face matrix was based on the aspect of complete fracturing 

fluid thermal degradation at the time of flowback. Table 6.6 shows the physical properties 

of the gas and water (Al-Ameri et al., 2018f). 

Table 6.6 Reservoir fluid physical properties 

Reservoir fluid Gas 
Initial reservoir pressure, psi 5000 
Reservoir temperature, oF 250 
Fluid viscosity, cp 1 
Water compressibility, psi-1 4˟10-6 
Gas specific gravity 0.7 
Gas viscosity at reservoir pressure, cp 0.024 
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6.3 Fracture Permeability and Dimensionless Conductivity 

The optimum average fracture permeability and dimensionless conductivity (CfD) 

were determined from the simulated model by considering the highest fracture permeability 

beyond which there is no impact on the fluid flowback or gas production. The fracture 

permeability can be highly reduced by the proppant crashing and proppant embedment. 

Considering the near fracture face matrix damage caused by the fluid invasion and 

the fluid imbibition, the average reservoir permeability can be calculated as follow. 

𝐾~k� =
´µ ~¶ ~b

´µ ~¶ ~c
�ª¶�_

´µ ~c ~]
��·¸

_
´µ ~] ~b

�¹

    (6.2) 

Where; Kres is the average reservoir permeability. Kd and Kimb are the permeability of the 

invaded and imbibition regions respectively. r1 and r2 are the radius of the invaded and 

imbibition regions respectively. re and rf are the reservoir and fracture radius respectively. 

The dimensionless fracture conductivity is proportional to the fracture permeability 

and width and inversely proportional to the fracture half-length as shown below. 

𝐶rº =
�b	I
�ª¶�	»b

         (6.3) 

Where; Cfd and Xf are the dimensionless fracture conductivity and fracture half length 

respectively. 

The effect of fracture permeability on the flowback and gas production were evaluated. 

The invasion depth was assumed as 1.75 ft with a fluid saturation of 90%. Figures 6.6 

shows the simulation results of scenario-1 and scenario-2 (Al-Ameri et al., 2018f). 
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Figure 6.6 Estimation of the optimum fracture permeability 

As a result, the optimum fracture permeability ranges from (5000 md- 10000 md) 

depending on the fracturing additives types. In case the non-ionic surfactant is added to the 

friction reducer pad fluid, more fluid flowback occurs and that require higher fracture 

permeability. Figure 6.7 shows the permeability distribution along fracture length and 

height with an average permeability of 10000 md (CfD= 1082). 

 
Figure 6.7 Fracture permeability distribution along fracture length and height 

6.4 Results and Discussion 

Simulation models for the three considered scenarios were constructed. Appendix D 

presents the ECLIPSE input file for scenatio-1. The results are presented below.   

6.4.1 Simulation of Pumping and Shut-in Stages  

The fluid loss volume and fluid invasion distance from the face of the fracture were 

estimated for a pumping duration of six hours and shut-in times of one day, one week, two 

weeks, and one month. Tables 6.7 through 6.10 present the simulation results (Al-Ameri 

et al., 2018f). 
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Table 6.7 Fluid distribution after pumping and shut-in of one day 

Scen. 
Invasion 

Depth 
ft 

Fluid Loss 
Dur. Pump. 

bbl 

Fluid Loss 
Dur. Shut-in 

bbl 

Near Frac. 
Released Wat. 

bbl 

Near Frac.  
Free Fluid 

bbl 

Fluid  
in Frac. 

bbl 

Near Frac. 
Fluid Sat. 

% 
1 0.52 86 150.2 0 236.2 418 56 
2 1 94 151.28 125.3 370.6 403 44.6 
3 0.9 124 195.8 0 319.8 359.7 48.8 

 
Table 6.8 Fluid distribution after pumping and shut-in of one week 

Scen. 
Invasion 

Depth 
ft 

Fluid Loss 
Dur. Pump. 

bbl 

Fluid Loss 
Dur. Shut-in 

bbl 

Near Frac. 
Released Wat. 

bbl 

Near Frac.  
Free Fluid 

bbl 

Fluid  
in Frac. 

bbl 

Near Frac. 
Fluid Sat. 

% 
1 1.33 86 311 0 397 206.4 47 
2 3 94 327 334 755 188.4 38.3 
3 2 124 386 0 510 129.2 43.4 

 
Table 6.9 Fluid distribution after pumping and shut-in of two weeks 

Scen. 
Invasion 

Depth 
ft 

Fluid Loss 
Dur. Pump. 

bbl 

Fluid Loss 
Dur. Shut-in 

bbl 

Near Frac. 
Released Wat. 

bbl 

Near Frac.  
Free Fluid 

bbl 

Fluid  
in Frac. 

bbl 

Near Frac. 
Fluid Sat. 

% 
1 1.75 86 379 0 465 136.4 45.2 
2 3.75 94 389 397 880 126.1 37.7 
3 3 124 440 0 563 75.1 39.9 

 
Table 6.10 Fluid distribution after pumping and shut-in of one month 

Scen. 
Invasion 

Depth 
ft 

Fluid Loss 
Dur. Pump. 

bbl 

Fluid Loss 
Dur. Shut-in 

bbl 

Near Frac. 
Released Wat. 

bbl 

Near Frac.  
Free Fluid 

bbl 

Fluid  
in Frac. 

bbl 

Near Frac. 
Fluid Sat. 

% 
1 2 86 438 0 523 72.5 45 
2 4.75 94 440 480 1014 76 36.7 
3 3.35 124 476 0 600 38.5 39.4 

 

The fluid volume in the fracture after pumping is 519 bbl.  

Since the polymer adsorption reduces both the water permeability and water relative 

permeability, therefore the friction reducer fluid (scenario-1) decreased both the fluid loss 

and fluid invasion distance. The non-ionic surfactant significantly increased the fluid loss 

and fluid invasion distance. The non-ionic surfactant increased both the water permeability 

and water relative permeability. Moreover, the surfactant released some of the irreducible 

water because of its effect on reducing the irreducible water saturation. The above results 
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support the outcomes of the experimental part of chapter-4. The HCl acid improved the 

fluid loss and fluid trapping because of its effect on increasing near fracture face matrix 

porosity, and this result also matches the outcome of chapter-4. The near fracture face fluid 

saturation did not exceed 60% for all of the considered shut-in times. The reasons were 

mainly attributed to the high reservoir capillary pressure and low fluid viscosity.    

6.4.2 Fluid Flowback  

The results of the fluid flowback are shown in Figure 6.8 (Al-Ameri et al., 2018f). 
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Figure 6.8 The simulation results of the fluid flowback volumes 

The results showed that the fluid flowback was only from the fracture. The reasons were 

attributed to the shale high capillary pressure, low water relative permeability, and low 

fluid saturation in the near fracture face matrix after well shut-in. However, the polymer 

adsorption reduced the fluid flowback since it reduces the water relative permeability. 

Since there was no fluid flowback has occurred from the near fracture face matrix; 
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therefore, the fluid counter-current capillary imbibition was the only way to reduce the 

fluid saturation in the near fracture face over time. The fluid flowback was higher when 

anticipating less well shut-in times. Moreover, at less shut-in times, scenario-1 (friction 

reducer fluid) has higher fluid flowback than the other scenarios because of the higher fluid 

saturation in the fracture at the time of flowback. The 3 wt.% HCl led to the lowest fluid 

flowback because of the acid impact on enhancing the matrix porosity, thus increasing the 

imbibed fluid volume into the near fracture face matrix. 

The above results could explain the low flowback in some shales like Eagle Ford. 

6.4.3 Fluid Loss due to Counter-Current Capillary Imbibition  

After fracturing treatment, the fluid retained in the near fracture face matrix 

continues to imbibe farther into the intact rock due to the effect of the counter-current 

capillary imbibition as shown in Figure 6.9 (Al-Ameri et al., 2018f). 
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Figure 6.9 The simulation results of fluid loss due to counter-current capillary imbibition 
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The counter-current capillary imbibition has reduced the fluid retention in the near fracture 

face matrix over time; hence, the effect was more significant at the late time of production. 

Some of the irreducible water was released from the farther intact rock because of the 

significant pressure-drop in the near fracture face matrix during flowback. However, the 

released water flowed into the near fracture face damaged region because of the high-

pressure difference. The freed water enhances water blocking in the near fracture face 

region especially when no fluid flowback occurs. Scenario-1 resulted in the highest release 

of the irreducible water because of the highest pressure drop caused by the higher fluid 

saturation and matrix permeability damage due to polymer adsorption. The imbibed fluid 

due to counter-current capillary imbibition deeper into intact matrix would firstly 

compensate the released irreducible water till the matrix saturation reaches the irreducible 

water saturation. However, the time required to compensate the released fluid could be 

very long, however it is proportional to the shut-in time as in the case of scenario-1.  

The non-ionic surfactant has increased the fluid loss due to counter-current capillary 

imbibition, and that supports the results of the experimental part of chapter-5.  Moreover, 

the 3 wt.% HCl has also enhanced the fluid loss due to counter-current capillary imbibition. 

However, the loss of 3 wt.% HCl was decreased as the shut-in time has increased. 

Therefore, it is recommended to use 3 wt.% HCl when anticipating low shut-in times. 

Figure 6.10 shows the simulation results of the near fracture face-fluid remaining 

(retaining) volumes (Al-Ameri et al., 2018f). 
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Figure 6.10 The simulation results of the free fluid retention near fracture face 

The friction reducer fluid resulted in the lowest retention in the near fracture face region 

because of the less fluid loss during pumping and well shut-in. However, the friction 

reducer fluid led to the highest fluid saturation and permeability damage in the near fracture 

face matrix; thus causing water blocking. Therefore, stimulation of near fracture face 

matrix while fracturing using dilute HCl acid or a surfactant or is necessary to improve the 

water permeability and the flow of the produced.  

The non-ionic surfactant increased the fluid loss from the near fracture face region due to 

counter-current capillary imbibition especially at the late time of production. However, the 

surfactant leads to release of some of the irreducible water in the near fracture face region 

because of its impact on lowering the irreducible water saturation. Consequently, the non-

ionic surfactant improves the free fluid retention near the fracture face especially when no 

fluid flowback occurs from the near fracture face matrix. However, the non-ionic surfactant 

reduces the gas block because of its effect in improving the water permeability and water 

relative permeability.  

As a result, 3 wt.% HCl acid and short shut-in times are recommended for the hydraulic 

fracturing design when no fluid flowback occurs from the near fracture face matrix. Tables 

6.11 through 6.14 show the simulation results of the imbibed fluid volume (fluid loss) due 

to counter-current capillary imbibition, fluid flowback volume, and near fracture face- fluid 

trapping volume after ten years of gas production (Al-Ameri et al., 2018f). 
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Table 6.11 Fluid distribution after 10 years, shut-in of one day 

Scenario 
Counter-

Curr. Imb. 
bbl 

Produced 
Fluid 
bbl 

Near Frac. 
Remaining 

bbl 

Counter- 
Currt. Imb. 

% 

Produced 
Fluid 

% 
1 111.5 405 111.6 47.2 61.9 
2 246.6 366 134.5 66.5 47.3 
3 244 271 139.5 76.3 39.3 

 
Table 6.12 Fluid distribution after 10 years, shut-in of one week 

Scenario 
Counter-

Curr. Imb. 
bbl 

Produced 
Fluid 
bbl 

Near Frac. 
Remaining 

bbl 

Counter- 
Currt. Imb. 

% 

Produced 
Fluid 

% 
1 58.8 171 348 14.8 28.3 
2 188 157.5 572 44.7 25.8 
3 167.8 69.6 375 32.9 10.9 

 
Table 6.13 Fluid distribution after 10 years, shut-in of two weeks 

Scenario 
Counter-

Curr. Imb. 
bbl 

Produced 
Fluid 
bbl 

Near Frac. 
Remaining 

bbl 

Counter- 
Currt. Imb. 

% 

Produced 
Fluid 

% 
1 45 91.6 438.7 9.7 15.2 
2 159 96 725 32.9 15.8 
3 89 24.5 499 15.8 3.8 

 
Table 6.14 Fluid distribution after 10 years, shut-in of one month 

Scenario 
Counter-

Curr. Imb. 
bbl 

Produced 
Fluid 
bbl 

Near Frac. 
Remaining 

bbl 

Counter- 
Currt. Imb. 

% 

Produced 
Fluid 

% 
1 40.2 35.5 494 7.7 6 
2 121 47.4 896 22.7 7.8 
3 72.8 5.5 534.5 12.1 0.9 

 

The percentage of the produced fluid in the above tables takes into account the fluid in the 

fracture. Moreover, the near fracture face remaining fluid volume includes the released 

irreducible water due to the non-ionic surfactant effect. 

6.4.4 Effect of Fluid Loss and Fracturing Additives on the Gas production  

The results showed that both the fluid loss during pumping and shut-in and the 

fracturing additives do not affect the gas production significantly when the shale formation 

has high gas relative permeability and when there is no water blocking in the near fracture 
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face region.  Moreover, the low fluid saturation in the near fracture face matrix reduces the 

effect of the fluid loss on the gas production. However, the main factors that cause lead to 

a low fluid saturation in the near fracture face are as follow. 

• The high capillary pressure of the shale formations. 

• The higher invasion and imbibition distance caused by the friction reducer with a 

non-ionic surfactant fluid and dilute HCl acid. 

• The impact of the counter-current capillary imbibition.  

However, for shale formations with low gas relative permeability, the fracturing additives 

start to impact the gas production. Figure 6.11 shows the effect of the fracturing additives 

on the gas production when the Corey gas exponent is equal to (10).  The results were for 

shut-in times of one week and one month (Al-Ameri et al., 2018f).  
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Figure 6.11 The simulation results of the cumulative gas production 

The 3 wt.% HCl acid resulted in the highest gas production because of the higher matrix 

permeability and lower free fluid retention in the near the fracture face matrix. However, 

the effect of the fracturing additives was more significant at long times of gas production. 

6.4.5 Sensitivity Analysis 

Different factors are expected to affect fluid flowback, fluid loss, and also gas 

production. In this analysis, the effect of the reservoir capillary pressure, reservoir pressure, 

incomplete fluid thermal degradation, presence of natural fractures, and permeability jail 

in the near fracture face matrix on the hydraulic fracturing outcomes was evaluated. 
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6.4.5.1 Effect of Reservoir Capillary Pressure 

The petrophysical properties including the capillary pressure could vary from one 

shale formation to another. Moreover, the impact of the surfactants on the shales 

petrophysical properties could be significant. In this study, the effect of the non-ionic 

surfactant on the Marcellus samples was significant and led to higher permeability in 

comparison to the initial base permeability. Therefore, the impact of the non-ionic 

surfactant on reducing the capillary pressure of the Marcellus samples is also expected to 

be significant. 

The formation capillary pressure has a significant effect on the co-current and 

counter-current capillary imbibition fluid volumes. In comparison to the high capillarity 

shale formations, the fluid invasion distance is less, and the near fracture face-matrix fluid 

saturation is more for the shales with moderate capillary pressure. A sensitivity case was 

considered in which the invasion depth of the fracturing fluid is 0.9 ft, 1.5 ft and 1.2 ft for 

scenario-1, scenario-2 and scenario-3 respectively. The near fracture face fluid saturation 

is 70%, and the fluid saturation in the fracture is 50%. The capillary pressure curves for 

this case are shown in Figure 6.12 (Al-Ameri et al., 2018f).  
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Figure 6.12 Capillary pressure curves used for the sensitivity analysis 

Figure 6.13 and Table 6.15 show the results of the flowback and fluid loss from the near 

fracture face region due to counter-current capillary imbibition for a well shut-in time of 

one week (Al-Ameri et al., 2018f). 
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Figure 6.13 The simulation results for the sensitivity analysis of shale capillary pressure 

Table 6.15 Fluid distribution after 10 years, shut-in of one week, capillary pressure effect 

Scen. 
Near Frac. 
Fluid Vol. 

bbl 

Fluid in 
Fracture 

bbl 

Counter-
Curr. Imb. 

bbl 

Produced 
Fluid 
bbl 

Near Frac. 
Remaining 

bbl 

Counter-
Curr. Imb. 

% 

Produced 
Fluid 

% 
1 618 258 108 457 285 19.1 51.4 
2 747 258 264 720 418 35.3 71.6 
3 895 258 258 545 325 28.8 47.3 

 

The fluid flowback was occurred from both the fracture and the near fracture face matrix. 

Moreover, the shale formations with moderate capillary pressure have less fluid loss due 

to counter-current capillary imbibition and more fluid flowback. The results of this case 

could explain the considerable flowback for the Marcellus Shale. 

The polymer adsorption reduced both the fluid flowback and fluid loss due to counter-

current capillary imbibition. However, adding a non-ionic surfactant to the friction reducer 

pad fluid (scenario-2) improved the fluid flowback more than when pumping 3 wt.% HCl. 

Moreover, scenario-2 led to more fluid loss due to counter-current capillary imbibition at 

the early and late time of production. Therefore, scenario-2 is recommended for the 

hydraulic fracturing design when fluid flowback occurs from the near fracture face region.  

However, because of the very low permeability in the shale formations, the high fluid 

flowback causes a significant drop in the well bottom hole pressure and that could 

eventually lead to a shut-in well. Therefore, it is recommended to use scenario-2 with a 

long shut-in time for a better fluid loss from the near fracture face farther deeper into the 

formation. Another option is to use the friction reducer fluid in the pad stage to reduce the 
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fluid loss during pumping. However, the friction reducer fluid enhances the near fracture 

face fluid saturation and thereby increasing the presence of the water block. Therefore, 

using friction reducer fluid in the pad stage and injecting slugs of a non-ionic surfactant in 

the next fracturing steps could be a good option for a short shut-in time. 

The results also showed that the intact rock-released irreducible water is much less when a 

fluid flowback occurs from the near fracture face region. 

6.4.5.2 Effect of Incomplete Fluid Thermal Degradation 

The effect of incomplete fracturing fluid thermal degradation was investigated by 

considering different fluids viscosities in the fracture including (1 cp, 10 cp, and 50 cp). 

The results of scenario-2 and scenario-3 for one day shut-in are shown in Figure 6.14.  
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Figure 6.14 The simulation results for the sensitivity analysis of fluid thermal degradation 
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The incomplete fluid thermal degradation (higher fluid viscosity) in the fracture 

significantly reduces the fluid flowback, and enhances the fluid loss due to counter-current 

capillary imbibition. 

6.4.5.3 Effect of Reservoir Pressure 

The effect of the reservoir pressure on the fluid flowback and fluid loss from the 

near fracture face region due to counter-current capillary imbibition was investigated. The 

reservoir pressures of 3000 psi and 2000 psi were considered. The results of scenario 2 and 

scenario-3 for one week shut-in time are shown in Figure 6.15 (Al-Ameri et al., 2018f).  
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Figure 6.15 The simulation results for the sensitivity analysis of reservoir pressure 

The shale formations with low pore pressure have less fluid flowback and more fluid loss 

from the near fracture face due to counter-current capillary imbibition. 
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6.4.5.4 Effect of Presence of Natural Fractures 

The presence of the natural fractures in the formation increases the fracturing fluid 

loss during pumping and reduces the fluid flowback. The high injection pressure opens the 

microfractures that were generated from the main fracture. The microfractures could 

connect the main fracture to the existing natural fractures. Therefore, the fluid flows to the 

natural fractures during pumping. However, well during shut-in, the connected 

microfractures are highly likely to close because of the reservoir pressure declining to its 

initial value. Consequently, the fluid is trapped and lost in the natural fractures. However, 

the fluid loss is proportional to the size of the natural fractures, injection pressure, and 

duration, fracturing fluid viscosity. The presence of the natural fractures was simulated in 

this study by adding new fractures to the original model as shown in Figure 6.16. 

 
Figure 6.16 2D gridding for the sensitivity analysis of the presence of natural fractures 

The properties of the natural and connected fractures are shown in Table 6.16. 

Table 6.16 Properties of the natural fractures and connected microfractures 

Distance from the created fracture, ft 50 
Natural fracture permeability, md 5000 
Natural fracture width, inch 1.2 
Connected fractures permeability, md 5000 
Connected fractures width, inch 0.6 

 

Scenario-2 with the case of fluid flowback occurrence from the near fracture face matrix 

was considered. Therefore, the SCAL data presented in section 6.4.5.1 was used. The 

natural fractures were supposed to present in layers 4, 8, 12, and 16. Figure 6.17 shows 

the injected fluid rate and cumulative volume during pumping.  
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Figure 6.17 Injected fluid rate and volume for the case of the presence of natural fractures 

The volume of the injected fluid after pumping was 703 bbl. The fluid flowback after shut-

in times of one day, one week, two weeks, and one month are shown in Figure 6.18.  
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Figure 6.18 Fluid flowback for the sensitivity analysis of the presence of natural fractures 

Table 6.17 shows the results of the fluid flowback after the considered shut-in times. 

Table 6.17 Fluid flowback for the sensitivity analysis of the presence of natural fractures 

Shut-in Duration Fluid Flowback 
STB 

Fluid Flowback 
% 

1 day 407 58 
1 week 372 53 
2 weeks 322 46 
1 month 252 36 

 

For a well shut-in time of one week, the fluid flowback was reduced from 71% (Table 6.15) 

to 53% because of the fluid loss in the natural fractures.  
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High viscosity fracturing fluid is recommended when fracturing in naturally fractured 

reservoirs to reduce the loss of fluid during pumping. 

6.4.5.5 Effect of Permeability Jail 

The basic notion of the permeability jail is that in tight reservoirs a saturation region 

exists in which the relative permeability to both gas and water are so low that neither phase 

has any effective flow capacity with respect to flow rates measured in commercial or 

laboratory time frames (Cluff and Byrnes 2010). Because each phase blocks the other from 

moving, it appears the formation is completely locked up and the fluids are in “Jail.” This 

phenomenon was noticed only in very low permeability formations. However, the Jail 

region varies by rock type and specifics of the pore geometry, but generally occurs in a 

water saturation range of 55%-80% as shown in Figure 6.19 (Blasingame 2008). 

 
Figure 6.19 Permeability jail effect on the relative permeability curves (Blasingame 2008) 

The rocks can be put into Jail as the result of drainage relative permeability conditions, 

imbibition trapping, or drainage-imbibition hysteresis. However, the polymer adsorption 

can be added as another factor that causes the rock permeability jail. 

In this study, scenario 2 of section 6.4.5.1 was considered to investigate the effect of the 

permeability jail on the fluid flowback and gas production when the well shut-in time is 

one week. Figure 6.20 shows the used relative permeability which reflected the 

permeability jail occurrence. 
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Figure 6.20 The used relative permeability curves with permeability jail effect 

The above figure shows that the water will flow when its saturation exceeds 60%. 

However, a gas block occurs beyond this saturation value. 

The results of this case along with case 6.4.5.1 are showed in Figure 6.21.  
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Figure 6.21 The impact of the permeability jail on the fluid flowback and gas production 

The permeability jail dramatically reduces the fluid flowback and gas production. 

As a result of the sensitivity analysis, the reasons for the low fluid flowback should be 

recognized prior to optimizing hydraulic fracturing design. 

6.5 Suggested Fracturing Treatment Design 

Intermittent near fracture face matrix stimulation while fracturing is suggested in 

this study. A friction reducer fluid is injected during the pad stage, and then slugs of the 

non-ionic surfactant or 3 wt.% HCl acid was injected during the main fracturing treatment. 

In this sensitivity case, the invasion distance was considered as 0.75 ft and the water 
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saturation in the fracture and near fracture face region are 100% and 90% respectively. The 

results of the suggested cases were compared with the results of the following cases. 

• Scenario-1: Pad stage of Fluid1 with invasion depth of (0.75 ft). 

• Scenario-2: Pad stage of Fluid2 with invasion depths (1 ft and 1.25 ft).  

Figure 6.22 shows the results of the suggested along with the other considered cases.  
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Figure 6.22 Comparison of the suggested scenarios to other fracturing scenarios 

Table 6.18 summarizes the results for up to 10 years of production.  
Table 6.18 Fluid distribution near fracture face after 10 years, suggested scenarios 

Case Scenario 
Fluid in 
Place* 

bbl 

Counter-
Curr. Imb. 

bbl 

Prod. 
Fluid 
bbl 

Near Frac. 
Remaining 

bbl 

Counter-
Curr. Imb. 

% 

Prod. 
Fluid 

% 
1 Fluid1 1584 229 806 520 14.4 50.8 
2 Suggested_ surf 1584 232 827 496 14.6 52.2 
3 Suggested_ acid 1616 238 819 533 15 51 
4 Fluid2_1 ft 2032 525 1103 375 26 54 
5 Fluid2_1.25 ft 2409 634 1266 480 26 53 

            * Including fluid in the fracture, 519 bbl 
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The advantage of the proposed case can be summarized as follow.  

• In comparison to the case of adding a non-ionic surfactant to the pad fluid (case-4 

and case-5), the suggested intermittent surfactant injection (case-2) reduced the fluid 

loss during pumping. However, the fluid loss due to counter-current capillary 

imbibition was reduced significantly.  

• In comparison to the friction reducer pad fluid (case-1), the suggested case enhanced 

the produced fluid, and that reduces the problem of the fluid blocking in the near 

fracture face matrix. Moreover, the recommended case stimulates the near fracture 

face matrix, thus reducing the fluid and gas blocking problems. 

• Injection slugs of a non-ionic surfactant had advantages over injecting slugs of dilute 

HCl acid (case-3) by improving the fluid production and reducing fluid loading in 

the near fracture face matrix. 

• The suggested case led to less reduction in the pressure of the near fracture face 

region in comparison to case-4 and case-5 despite that the invasion depth (near 

fracture face region affecting by the fracturing fluid) is less for the suggested case. 

Therefore, the proposed case reduces the problem of well shut-in due to the low well 

bottom hole pressure. 

6.6 Chapter Conclusions 

The main conclusions of this study part are as follow (Al-Ameri et al., 2018f).  

1- The polymer adsorption reduces effective water permeability and water relative 

permeability. Therefore, it reduced the fluid flowback, fluid loss during pumping, fluid 

imbibition during shut-in, and fluid counter-current capillary imbibition during 

flowback and gas production. 

2- The polymer adsorption enhances the fluid block in the near fracture face region, 

thereby causing a reduction in the gas production or even a gas block. 

3- The non-ionic surfactant enhances the water permeability and water relative 

permeability. Consequently, it led to increasing fluid imbibition during the shut-in 

stage. Moreover, the impact of the surfactant in reducing the capillary pressure 
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increased the fluid flowback. The surfactant also enhanced the free fluid volume in the 

near fracture face region by releasing some of the irreducible water. 

4- Pumping dilute HCl acid during the pad stage of the hydraulic fracturing improved the 

fluid loss during pumping, fluid flowback, and the fluid loss due to counter-current 

capillary imbibition. However, the HCl acid increases the near fracture face matrix 

permeability and porosity. 

5- The shale high capillary pressure reduced the fluid saturation in the near fracture face 

matrix after the well shut-in stage. Thus, no fluid flowback has occurred from the near 

fracture face matrix because of the shale low water relative permeability. Despite that 

the non-ionic surfactant and dilute HCl acid had increased the fluid loss during 

pumping, they decreased the fluid saturation in the near fracture face region. 

6- When there is no flowback from the near fracture face region due to high shale 

capillary pressure, dilute HCl acid and short shut-in time are recommended for the 

hydraulic fracturing design to reduce the fluid loss during pumping and to increase the 

fluid loss from the near fracture face region due to counter-current capillary imbibition. 

7- For shale formations with moderate capillary pressure, the fluid invasion depth after 

well shut-in is small, and the near fracture face fluid saturation is relatively high. 

Therefore, a fluid flowback from the near fracture face matrix is highly likely to occur. 

However, the friction reducer with a non-ionic surfactant fluid and long well shut-in 

time are recommended for the hydraulic fracturing design. This scenario allows the 

surfactant to contact more matrix in the near fracture face region. Moreover, the fluid 

saturation in the near fracture face region is reduced by the fluid flowback at the early 

time of treatment and counter-current capillary imbibition effect at the late time. 

8- The fracturing additives affect the gas production when the gas relative permeability 

is low and the well shut-in time is high. 

9- The friction reducer pad fluid reduced the fluid invasion depth during hydraulic 

fracturing; however, it enhanced the near fracture face fluid saturation. Therefore, 

using friction reducer fluid in the pad stage and injecting slugs of non-ionic surfactant 

in the subsequent fracturing stages could be a good option when a short well shut-in 

time is considered. 
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10- The high fluid flowback in the shale formations could result in a ceased well because 

of the dramatic drop in the well bottom hole pressure. However, the non-ionic 

surfactant and dilute HCl acid could enhance the fluid flowback even more. Therefore, 

it is recommended to use a friction reducer fluid in the pad stage and then injecting 

slugs of a non-ionic surfactant or HCl acid in the subsequent fracturing stages. 

11- The fluid flowback would be less, and the fluid counter-current capillary imbibition 

would be higher for the cases of low reservoir pressure, incomplete fracturing fluid 

thermal degradation, and the presence of natural fractures. However, the permeability 

jail significantly reduces the flowback and gas production. Therefore, it is essential to 

recognize the reasons for the low fluid flowback prior to optimizing hydraulic 

fracturing design. 
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CHAPTER 7 

CONCLUSIONS AND RECOMMENDATIONS 

This chapter lists the conclusions drawn from the experimental, analytical, and simulations 

studies results reported in different previous chapters of the dissertation. 

7.1 The Damage in the Fracture 

Optimizing the type and concentration of the fracturing additives is crucial to 

reduce the fracture and formation damages caused by those chemicals. The fluid shear rate 

in the fracture and fracture permeability are important aspects of optimizing fracturing 

additives concentration.  

The results of the conducted viscometer study showed that adding potassium 

chloride to the friction reducer fluid leads to present a shear thickening behavior at low or 

medium shear rates followed by a shear thinning behavior.  

In this study, an equation to calculate the fluid shear rate profile in the fracture 

during fluid pumping was developed. The equation was independent of fluid pumping rate 

and fracture height; however, it was a function of the flow behavior and consistency 

indexes of the power law equation. The results of that equation showed that the shear rate 

of the linear gelled fluids increases as the content of the gelling agent increases until a 

certain point beyond which the fluid shear rate starts to decrease. However, the shear rate 

of the crosslinked gelled fluids decreases as the concentration of the crosslinker and non-

ionic surfactant increases. While adding more breaker to the fluid increases its shear rate 

values. Moreover, the fluid shear rate is proportional to the formation temperature. The 

fluid shear rate gradually increases along the fracture length and reaches its maximum 

value at the tip of the fracture when the fracture width approaches its minimum value. 

A new equation to calculate the resistance factor (RF) in the fracture was developed 

and used as another concept for optimizing fracturing additives concentration. The 

equation was independent of the fluid shear rate, fluid pumping rate, and fracture height. 

Moreover, it was an explicit function to the consistency index, and plane strain modulus 

that reflects the impact of the formation. The RF can be used to estimate the fracture 

permeability during pumping which is among the main parameters affecting the success of 
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the fracturing treatment.  The main optimizing aspect when using the RF concept was the 

turning point during fluid pumping. The point should not present at the very early or late 

time during fluid pumping for a successful fracturing treatment. 

7.2 The Damage in the Near Fracture Face Matrix 

This study evaluated the near fracture face matrix damage caused by the polymer 

adsorption from the friction reducer fluid. Moreover, the study investigated the impact of 

the non-ionic surfactant and 3 wt.% HCl acid on stimulating the matrix permeability during 

different stages of the fracturing treatment. 

Outcrop core samples most representative of the carbonate-rich Upper Eagle Ford 

formation and the carbonate-rich lower member of the Marcellus formation were used. 

Reservoir samples from the Barnett shale were also considered. The elemental and 

mineralogical analyses showed low clay content in the Eagle Ford samples, no clay content 

in the Marcellus samples, and abundant of clay and quartz in the Barnett samples. 

Moreover, the SEM scan showed that the pore distribution is more heterogeneous in the 

Marcellus samples than in the Eagle Ford samples. The study also considered low 

permeability sand core samples extracted from the Scioto-Ohio and Crab Orchard- 

Tennessee outcrops. The SEM scan of the Scioto core samples showed a thin clay layer 

covering most of the grains while the Crab Orchard samples had very fine grains size. 

7.2.1 Near Fracture Face Matrix Damage During Fluid Pumping 

This part of the study investigated the impact of the invaded pad fluid during 

pumping on the near fracture face matrix. Constant rate-flooding setup was used to measure 

the core samples brine (3 wt.% KCl) permeability at atmospheric temperature, and to flood 

the samples with friction reducer fluid or friction reducer with a non-ionic surfactant fluid 

at 200oF. A pressure vessel was also used for shale samples aging in 3 wt.% HCl under 

high pressure and temperature to investigate the proper shale-acid contact time and to 

prepare acid treated samples for the permeability measurements. 

The results showed that the polymer adsorption when using a friction reducer fluid 

in the pad stage reduces the brine permeability of low permeability sand samples 
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significantly and for shale samples, though to a lesser degree. However, the polymer 

adsorption could enhance the fluid blocking in the near fracture face region. The friction 

reducer with a non-ionic surfactant increased the brine permeability of all samples. 

However, the non-ionic surfactant led to increasing the permeability of the Marcellus 

samples even higher than the initial permeability, and that could explain the high fluid 

flowback in this formation. The efficiency of near fracture face matrix stimulation with 

dilute HCl acid in the pad stage is affected by the iron precipitates produced from shale- 

HCl acid reaction. In comparison to the Eagle Ford samples, the effect of the iron 

precipitates was significant in reducing the permeability the Marcellus samples because of 

their higher heterogeneity. However, the iron precipitates could be substantially damaging 

to the matrix permeability when considering long well shut-in times. 

When the friction reducer fluid is used in the pad stage, the efficiency of stimulating 

near fracture face matrix during the subsequent fracturing stages with slugs of a non-ionic 

surfactant would be affected by the polymer adsorbed during the pad stage. However, the 

stimulation of the near fracture face matrix with slugs of dilute HCl acid would be affected 

by both of the iron and polymer precipitates. Therefore, the fracturing stage can be added 

as another factor influencing the efficiency of matrix acidizing while fracturing. However, 

the dilute HCl acid significantly enhances near fracture face matrix permeability when a 

friction reducer with a non-ionic surfactant fluid is used in the pad stage because the pre-

enhancement in the matrix permeability helps in flowing the iron and polymer precipitates. 

The results of this part could bring up tentative recommendations for the hydraulic 

fracturing design in shale and low permeability sand formations. Injecting a friction reducer 

with a non-ionic surfactant fluid is recommended for the pad stage in the Eagle Ford shale 

to enhance the fluid flowback. Moreover, slugs of dilute HCl acid during the subsequent 

fracturing stages could stimulate the near fracture face matrix permeability. For the 

Marcellus shale, adding a non-ionic surfactant to the friction reducer pad fluid leads to a 

significant increase in the fluid flowback and fluid loss. The more fluid loss, the more 

permeability enhancement in the near fracture face region. However, the more fluid 

flowback, the highest pressure drop in the near fracture face region and this could end up 
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in a shut-in well. Moreover, the non-ionic surfactant could release some of the irreducible 

water, and that increases the free fluid loading in the near fracture face region. However, 

injecting the non-ionic surfactant as slugs during the main fracturing treatment (after 

friction reducer pad fluid) reduces the fluid loss and fluid flowback. For the low 

permeability sand formation, the study recommended using the non-ionic surfactant in the 

pad stage to reduce the significant effect of the polymer adsorption in lowering the near 

fracture face matrix permeability.  

7.2.2 Near Fracture Face Matrix Damage During Well Shut-in 

In this part of the study, the effect of the spontaneous imbibition of a friction reducer 

fluid on the near fracture face matrix permeability was investigated. Spontaneous 

imbibition experiments, steady-state permeability measurements, analytical and simulation 

modeling were integrated to quantify the changes in the effective water permeability, 

capillary pressure, and water relative permeability curves due to the polymer adsorption of 

the spontaneously imbibed fracturing fluid. The effect of the non-ionic surfactant and core 

bedding planes on the fluid spontaneous imbibition volumes were also investigated. 

The results showed that the polymer adsorption effect depends on the formation 

petrophysical properties (permeability and porosity), mineralogical composition, and 

anisotropy. The higher matrix permeability and porosity, the more impact of the polymer 

adsorption in reducing the permeability. Therefore, the low permeability sand formations 

are affected more by the polymer adsorption than the shale reservoirs. However, the 

petrophysical rock properties and polymer adsorption are having a mutual impact.  

The results also showed that the clay content (mineralogical composition) in the 

low permeability sand samples has more effect on the polymer adsorption than the 

petrophysical properties. However, the reverse is true for the shale formations. The fine 

clays particles provide a high surface area for polymer adsorption. 

The non-ionic surfactant increased the imbibition rate of the friction reducer fluid 

into the shale and low permeability sand samples even though the surfactant reduces the 

rock capillarity. The reasons were attributed to the effect of the surfactant adsorption on 

reducing the amount of the adsorbed polymer. Moreover, the surfactant enhances the 
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effective water permeability of the formation by reducing the interfacial tension and 

irreducible water saturation. 

The polymer adsorption has a limited effect on the imbibition rate when the fluid 

is imbibed from the microfractures that are orthogonal to the main fracture and the bedding 

planes. The bedding planes are more prone to adsorb the polymer than the matrix because 

of their higher surface area. When the flow is perpendicular to the bedding plane, the fluid 

passes through fewer intervals of the bedding planes. 

The polymer adsorption increased the imbibition capillary pressure curves of the 

shale and low permeability sand samples slightly. However, the effect of the polymer 

adsorption on the imbibition water relative permeability was higher for the low 

permeability sand samples than for the shale samples. 

7.3 Sector Simulation Study 

The primary objective of the sector simulation study was to optimize the hydraulic 

fracturing design in shale gas formations to mitigate the problems of polymer adsorption 

and water blocking. The study scaled up the lab experiments to actual field hydraulic 

fracturing treatments, thereby reducing the uncertainty of the simulated models. 

A simulation sector modeling for a hydraulically fractured vertical well in a shale 

formation was constructed to investigate the impact of the fracturing additives on the fluid 

flowback and fluid loss during and after hydraulic fracturing. A sensitivity analysis was 

considered to examine the effect of the reservoir capillary pressure, reservoir pressure, 

incomplete fluid thermal degradation, and the presence of natural fractures on the flowback 

and fluid loss due to counter-current capillary imbibition. Moreover, the effect of the near 

fracture face- permeability jail on the flowback and gas production was also anticipated.  

The results showed that the high capillary pressure of the shale formations can 

cause very low or even no fluid flowback may from the near fracture face matrix. The study 

recommended using dilute HCl acid and short well shut-in time for the hydraulic fracturing 

design to reduce the fluid loss during pumping and to enhance the fluid migration from the 

near fracture face region due to counter-current capillary imbibition. 
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For shale formations with moderate capillary pressure, the fluid flowback is highly 

likely to occur from the near fracture face matrix. The friction reducer with a non-ionic 

surfactant fluid and long well shut-in time are recommended for the hydraulic fracturing 

design. For this scenario, the surfactant is introduced to more rock volume in the near 

fracture face region. Moreover, the fluid saturation in the near fracture face matrix is 

reduced by the fluid flowback and the effect of the counter-current capillary imbibition. 

The fracturing additives affected the gas production when the gas relative 

permeability was low and the well shut-in time was high. However, the polymer adsorption 

enhances the fluid blocking in the near fracture face region, thereby causing a reduction in 

the gas production or even a gas block.  

The high fluid flowback from the near fracture face shale matrix leads to a sudden 

drop in the well bottom hole pressure which could result in a shut-in well. However, the 

acid and the non-ionic surfactant improve the fluid flowback even more while the friction 

reducer fluid reduces the fluid flowback and enhances the fluid blocking. Therefore, it is 

recommended to use a friction reducer fluid in the pad stage and injecting slugs of a non-

ionic surfactant or HCl acid in the subsequent fracturing stages. 

The fluid flowback would be less, and the fluid counter-current capillary imbibition 

would be higher for the cases of low reservoir pressure, incomplete fracturing fluid thermal 

degradation, and presence of the natural fractures. However, the permeability jail in the 

near fracture face matrix significantly reduces the flowback and gas production. Therefore, 

it is essential to recognize the reasons for the low fluid flowback prior to optimizing 

hydraulic fracturing design. 
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APPENDICES 

APPENDIX A 

MATLAB CODE FOR DATA INPUT AND OUTPUT 

%********************************************************** 
%-------------------- Fracturing Fluids-------------------- 
%-------------     (Assuming no leak off)      ------------ 
%********************************************************** 
% 
%%%%%%%%%%%%%%%%%%%%%%% Input Data %%%%%%%%%%%%%%%%%%%%%%%% 
% 
E=2000000;       % Young Modulus                  [psi]  
v=0.25;          % Drained Poisson' ratio 
Zi=5000;         % In-situ stress               [psi] 
Q=80 ;           % Pumping rate                 [bbl/min] 
h=500;           % Fracture height              [ft] 
rw=.4;           % Wellbore radius              [ft] 
eb=E/(1-v^2);    % Plain Modulus                [psi] 
kwi=10000;       % Initial fracture water perm. [md] 
kres=0.1;        % Reservoir Permeability         [md] 
fidw=fopen('RF_T.txt','w'); 
% 
disp('***************************************************') 
disp('Code:    FLuid Composition1') 
disp('***************************************************') 
fprintf(2,'1: Guar 20 pptg  \n') 
fprintf(2,'2: Guar 20 pptg Breaker   1 pptg \n') 
fprintf(2,'3: Guar 20 pptg Brekr 1 pptg  Surf. 2 gptg \n') 
fprintf(2,'4: Guar 20 pptg Brkr 1 pptg  Xlink 2.5 gptg \n') 
fprintf(2,'5: Guar 20 pptg Brkr 1 pptg  Xlink 2.5 gptg 
Surf. 2 gptg \n') 
% 
aakk=('Press Enter to See the Rest fluids'); 
% 
input (aakk); 
fprintf(2,'6: Guar 40 pptg \n') 
fprintf(2,'7: Guar 40 pptg  Breaker 5 pptg \n') 
fprintf(2,'8: Guar 40 pptg  Brkr 5 pptg  Surf. 3 gptg \n') 
fprintf(2,'9: Guar 40 pptg  Brkr 5 pptg  Xlink  4 gptg \n') 
fprintf(2,'10: Guar 40 pptg  Breaker 5 pptg  Xlink  4 
gptg  Surf. 3 gptg \n') 
disp('**************************************************') 
% 
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prompt = 'Enter the fluid code? '; 
% 
a = input(prompt); 
if a == 1 
% if condition is true then print the following 
fprintf(2, 'Value of a is 1\n' );  
elseif( a == 2 ) 
% if else if condition is true 
fprintf(2,'Value of a is 2\n' );  
elseif a == 3 
% if else if condition is true  
fprintf(2,'Value of a is 3\n' ); 
elseif a == 4 
% if else if condition is true  
fprintf(2,'Value of a is 4\n' ); 
elseif a == 5 
% if else if condition is true  
fprintf(2,'Value of a is 5\n' ); 
elseif a == 6 
% if else if condition is true  
fprintf(2,'Value of a is 6\n' ); 
elseif a == 7 
% if else if condition is true  
fprintf(2,'Value of a is 7\n' ); 
elseif a == 8 
% if else if condition is true  
fprintf(2,'Value of a is 8\n' ); 
elseif a == 9 
% if else if condition is true  
fprintf(2,'Value of a is 9\n' ); 
elseif a == 10 
% if else if condition is true  
fprintf(2,'Value of a is 10\n' ); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
% 
if a==1 
prompt = 'What is Temperature, 100, 120, 150, 180F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g20_t100.txt'); 
fid3 = fopen('g20_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==120 
fid=fopen('g20_t120.txt'); 
fid3 = fopen('g20_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
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elseif b==150 
fid=fopen('g20_t150.txt'); 
fid3 = fopen('g20_t150out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else 
fid=fopen('g20_t180.txt'); 
fid3 = fopen('g20_t180out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
elseif a==2 
prompt = 'What is Temperature, 100, 120, 150, 180F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g20br_t100.txt'); 
fid3 = fopen('g20br_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==120 
fid=fopen('g20br_t120.txt'); 
fid3 = fopen('g20br_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==150 
fid=fopen('g20br_t150.txt'); 
fid3 = fopen('g20_t150out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else 
fid=fopen('g20br_t180.txt'); 
fid3 = fopen('g20br_t180out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
elseif a==3 
prompt = 'What is Temperature, 100, 120, 150, 180F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g20brsrf_t100.txt'); 
fid3 = fopen('g20brsrf_t100out.txt', 'w'); 
fprintf(fid3,'Time(min)  Length(ft)  Width(in)   \n'); 
elseif b==120 
fid=fopen('g20brsrf_t120.txt'); 
fid3 = fopen('g20brsrf_t120out.txt', 'w'); 
fprintf(fid3,'Time(min)  Length(ft)  Width(in)   \n'); 
elseif b==150 
fid=fopen('g20brsrf_t150.txt'); 
fid3 = fopen('g20brsrf_t150out.txt', 'w'); 
fprintf(fid3,'Time(min)  Length(ft)  Width(in)   \n'); 
else 
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fid=fopen('g20brsrf_t180.txt'); 
fid3 = fopen('g20brsrf_t180out.txt', 'w'); 
fprintf(fid3,'Time(min)  Length(ft)  Width(in)   \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
elseif a==4 
prompt = 'What is Temperature, 100, 120, 150 F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g20brxl_t100.txt'); 
fid3 = fopen('g20brxl_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==120 
fid=fopen('g20brxl_t120.txt'); 
fid3 = fopen('g20brxl_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==150 
fid=fopen('g20brxl_t150.txt'); 
fid3 = fopen('g20brxl_t150out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else 
fid=fopen('g20brxl_t180.txt'); 
fid3 = fopen('g20brxl_t180out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
elseif a==5 
prompt = 'What is Temperature, 100, 120, 150, 180F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g20brxlsrf_t100.txt'); 
fid3 = fopen('g20brxlsrf_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==120 
fid=fopen('g20brxlsrf_t120.txt'); 
fid3 = fopen('g20brxlsrf_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==150 
fid=fopen('g20brxlsrf_t150.txt'); 
fid3 = fopen('g20brxlsrf_t150out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else 
fid=fopen('g20brxlsrf_t180.txt'); 
fid3 = fopen('g20brxlsrf_t180out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
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elseif a==6 
prompt = 'What is Temperature, 100, 120, 150 ? '; 
b = input(prompt); 
if b==100 
fid=fopen('g40_t100.txt'); 
fid3 = fopen('g40_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==120 
fid=fopen('g40_t120.txt'); 
fid3 = fopen('g40_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else  
fid=fopen('g40_t150.txt'); 
fid3 = fopen('g40_t150out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
elseif a==7 
prompt = 'What is Temperature, 100, 120 F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g40br_t100.txt'); 
fid3 = fopen('g40br_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  RF( ) \n'); 
else  
fid=fopen('g40br_t120.txt'); 
fid3 = fopen('g40br_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
elseif a==8 
prompt = 'What is Temperature, 100, 120  F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g40brsrf_t100.txt'); 
fid3 = fopen('g40brsrf_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else  
fid=fopen('g40brsrf_t120.txt'); 
fid3 = fopen('g40brsrf_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
elseif a==9 
prompt = 'What is Temperature, 100, 120, 150  F? '; 
b = input(prompt); 
if b==100 
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fid=fopen('g40brxl_t100.txt'); 
fid3 = fopen('g40brxl_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==120 
fid=fopen('g40brxl_t120.txt'); 
fid3 = fopen('g40brxl_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else  
fid=fopen('g40brxl_t150.txt'); 
fid3 = fopen('g40brxl_t150out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
else  
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
prompt = 'What is Temperature, 100, 120, 150 F? '; 
b = input(prompt); 
if b==100 
fid=fopen('g40brxlsrf_t100.txt'); 
fid3 = fopen('g40brxlsrf_t100out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
elseif b==120 
fid=fopen('g40brxlsrf_t120.txt'); 
fid3 = fopen('g40brxlsrf_t120out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
else  
fid=fopen('g40brxlsrf_t150.txt'); 
fid3 = fopen('g40brxlsrf_t150out.txt', 'w'); 
fprintf(fid3,'Time(min) Length(ft) Width(in)  \n'); 
end 
% 
end 
% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
%%%%%% Reading Values of time, n & k from the files %%%%%%% 
% 
in=1; 
while ~feof(fid) 
     data(in)= fscanf(fid, '%f',1); 
     in=in+1; 
end 
  fclose(fid); 
  kk=1; 
  jn=1; 
for kk=1:3:in-3 
     t(jn)=data(kk)*60;    %time min 
     n(jn)=data(kk+1); 
     k(jn)=data(kk+2); 
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end 
% 
%%%%%%%%%%%%%%%%%%% Fracture Dimensions %%%%%%%%%%%%%%% 
% 
%%%%%%%%%%%%%%%% Shear Rates Independent %%%%%%%%%%%%%% 
%%%%%%%%%%%%% Fracture Width at the Wellbore %%%%%%%%%%  
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%  
% 
% Equation-1 
wns(jn)=(5549*(Q/h)^2.5*(k(jn)/eb)*t(jn)^2)^(1/5); 
% 
% Equation-2 
pp=1/(2*n(jn)+4);   
wnn(jn)=12*(1.04*((4*n(jn)+2)/n(jn))*((Q/(10.6868*h))^(n(jn

)+2))*(k(jn)*(t(jn)*1)^2/eb))^pp; 
% 
% No Fluid Degradation 
wnsc(jn)=(5549*(Q/h)^2.5*(k(1)/eb)*t(jn)^2)^(1/5); 
%  
%%%%%%%%%%%%%%%%%% Fracture Length %%%%%%%%%%%%%%%%%%%%%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
% 
lns(jn)=(7792.28*(Q/h)^2.5*(eb/k(jn))*t(jn)^3)^0.2; 
% 
% No Fluid Degradation 
lnsc(jn)=(7792.28*(Q/h)^2.5*(eb/k(1))*t(jn)^3)^0.2; 
jn=jn+1; 
end 
% 
%%%%%%%%%%% Shear Rate Profile along Fracture Length %%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
% 
%%%%%%%%%%%% Reversing the Fracture Width %%%%%%%%%%%%%%%% 
%%%%%%%%%%%%%%% at degradation %%%%%%%%%%%%%%%%%%%%%%%%%%% 
mn=1; 
for kff=jn-1:-1:1 
    wffn(kff)=wns(mn); 
    mn=mn+1; 
end 
% 
%%%%%%%%%%%%%% Shear Rate Calculation %%%%%%%%%%%%%%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
% 
for hff=1:jn-1 
     wshr(hff)=wffn(hff); 

shrr(hff)=((4*n(hff)+2)/n(hff))*((Q/(10.686*h))^n(hff)
)*(12/wshr(hff))^(2*n(hff)); 
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     shrrn(hff)=shrr(hff)^(1/n(hff)); 
shrrnn(hff)=13.476*(((4*n(hff)+2)/n(hff))^(1/n(hff)))*

(Q/(h*wns(h ff)^2)); 
end 
% 
%%%%%%%%%% Before Degradation%%%%%%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
%   
% After One Hour  
% 
 for bbn1=2:jn-1 
  if t(bbn1) > 60  
     break; 
     
  end 
 end 
%  
%%%%% Reversing the Fracture Width-1%%%% 
% 
mn1=1; 
for kff1=jn-1:-1:jn-bbn1-1 
     wffn1(bbn1+2-mn1)=wns(mn1); 
     mn1=mn1+1; 
end 
% 
for hff1=1:bbn1+1 
     wshr1(hff1)=wffn1(hff1); 

shrrn1(hff1)=13.476*(((4*n(hff1)+2)/n(hff1))^(1/n(hff1)
))*(Q/(h*wshr1(hff1)^2)); 

     lf1(hff1)=lns(hff1); 
end  
% 
% After Two Hours 
%%%%%%%%%%%%%%%%%% 
 for bbn2=2:jn-1 
  if t(bbn2) > 0  
      break; 
     
   end 
 end 
% 
%%%%% Reversing the Fracture Width-2 %%%% 
 mn2=1; 
 for kff2=jn-1:-1:jn-bbn2-1 
     wffn2(bbn2+2-mn2)=wns(mn2); 
     mn2=mn2+1; 
 end 
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 % 
for hff2=1:bbn2+1 
    wshr2(hff2)=wffn2(hff2); 

shrrn2(hff2)=13.476*(((4*n(hff2)+2)/n(hff2))^(1/n(hff2))
)*(Q/(h*wshr2(hff2)^2)); 

    lf2(hff2)=lns(hff2); 
end  
% 
ee=length(t); 
% 
%%%%%%%% Shear Rate Array %%%%%%%%%%%%%%%%%%%% 
shr=[0.001,.01,.1,1,10,20,50,100,200,311]; 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
% 
%% Viscosity vs. Shear Rate at Time 1 and the last time %% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
%              
for sss=1:10 

vis1(sss)=(k(1)*shr(sss)^(n(1)-1))*1000; 
vise(sss)=(k(ee)*shr(sss)^(n(ee)-1))*1000; 

end 
%              
%%%%%%%%%% Zero Shear Viscosity Region %%%%%%%%%%%%%%%%%%%%  
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
vis0shr1=vis1(5); % zero shear viscosity at time o 
vis0shre=vise(5); % zero shear viscosity at time end 
gammas=1/shr(5);    %consideration time 
for sss1=1:10 
%%%% Ellis Method- Zero Shear Rate Viscosity%%%%%%%% 

vis1n(sss1)=1/((1/vis0shr1)+(1/vis1(sss1))); 
tau1(sss1)=(vis1n(sss1)/1000)*shr(sss1);      
visen(sss1)=1/((1/vis0shre)+(1/vise(sss1)));    
taue(sss1)=(visen(sss1)/1000)*shr(sss1); 

%       
%%%%%%%Carreaue Method- Zero Shear Rate Viscosity%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 

if sss1 < 6 
   vis1ca(sss1)=vis0shr1; 

        viseca(sss1)=vis0shre; 
else 

   
vis1ca(sss1)=vis0shr1*(1+(gammas*shr(sss1))^2)^((n(
1)-1)/2); 

%       
viseca(sss1)=vis0shre*(1+(gammas*shr(sss1))^2)^((n(
ee)-1)/2); 

     end 
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end 
% 
%%%%%%% Viscosity- Power Law @ different Shear Rates %%%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
for kk1=1:jn-1 
vis50(kk1)=(k(kk1)*shr(7)^(n(kk1)-1))*1000; 
vis100(kk1)=(k(kk1)*shr(8)^(n(kk1)-1))*1000; 
vis170(kk1)=(k(kk1)*shr(9)^(n(kk1)-1))*1000; 
vis311(kk1)=(k(kk1)*shr(10)^(n(kk1)-1))*1000;     
% 
%%%%%%%%%%% Nordgren's Fracture Length %%%%%%%%%%%%%%%%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
xL50(kk1)=0.39*(eb*Q^3/(vis50(kk1)*h^4))^(1/5)*t(kk1)^(4/5)

; 
xL100(kk1)=0.39*(eb*Q^3/(vis100(kk1)*h^4))^(1/5)*t(kk1)^(4/

5);    
xL170(kk1)=0.39*(eb*Q^3/(vis170(1)*h^4))^(1/5)*t(kk1)^(4/5)

;    
xL311(kk1)=0.39*(eb*Q^3/(vis311(kk1)*h^4))^(1/5)*t(kk1)^(4/

5);    
% 
%%%%%%%%%%% Nordgren's Fracture Width  %%%%%%%%%%%%%%%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
W050(kk1)=2.18*(vis50(kk1)*Q^2/(eb*h))^(1/5)*t(kk1)^(1/5);  
W010(kk1)=2.18*(vis100(kk1)*Q^2/(eb*h))^(1/5)*t(kk1)^(1/5);  
W0170(kk1)=2.18*(vis170(1)*Q^2/(eb*h))^(1/5)*t(kk1)^(1/5); 
W031(kk1)=2.18*(vis311(kk1)*Q^2/(eb*h))^(1/5)*t(kk1)^(1/5);  
% 
%%%%%%%%%%%%%%%% RF- Residual Resistance %%%%%%%%%%%%%%%% 
%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
% 
RF(kk1)=166.67*((4*n(kk1)+2)/n(kk1))*((Q/(10.686*h))^(n(kk1

)-1))*k(kk1)*(wns(kk1)/12)^(2-2*n(kk1)); 
% 
fprintf(fid3, '  %f  %f \n',t(kk1),RF(kk1));  

if a < 8 
gconc=0.24;  %gm/dl  
else 
gconc=0.48; %gm/dl 
end 

% 
visp(kk1)=(k(kk1)*50^(n(kk1)-1))*1000; %for low conc.  
kpol(kk1)=kwi*visp(kk1)/RF(kk1); 
rrf(kk1)=kwi/kpol(kk1); 
cfd(kk1)=kwi*wns(kk1)/(kres*12*lns(kk1)*rrf(kk1)); 
%      
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ovp1(kk1)=0.006*(n(kk1)/(4*n(kk1)+2))*((10.685*h*shrrnn(kk1
)/Q)^( n(kk1)-1))*(wns(kk1)/12)^(2*n(kk1)-2); 

ovp(kk1)=log(RF(kk1)/ovp1(kk1)); 
visint(kk1)=ovp(kk1)/gconc;       % dl/gm 
gmol(kk1)=(visint(kk1)*10000/3.8)^1.383; 
ovcc(kk1)=(4/visint(kk1))*1000;    % pptg 
fprintf(fidw,'%f  %f  %f\n',t(kk1),RF(kk1), vis50(kk1)); 
end 
% 
fclose(fid3); 
fclose(fidw); 
% 
%%%%%%%%%%%%%%%%%% Plots %%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%%% 
% 
figure 
figure 
figure 
figure 
figure 
figure 
 
 % 
     clear 
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APPENDIX B 

SIMULATION OF A LAB FLOODING EXPERIMENT 

RUNSPEC   

======================================================= 

TITLE 

Flooding Experiment Simulation to Calculate Capillary Pressure Curve 

DIMENS 

10 6 102 / 

RADIAL 

GAS 

WATER 

LAB 

REGDIMS 

  5 5 0 0  / 

TABDIMS 

  2 1 25 27 3 35 15 1  / 

WELLDIMS 

  5 20 1 70  / 

START 

  1 ' JAN' 2019  / 

-- 

GRID   ======================================================= 

DRV 
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0.01 8*0.2116 1.2 / 

DTHETAV 

6*60 / 

DZ 

60* 55. 

6000*0.0579  

60*55.  / 

INRAD 

0.01 /  

BOX 

1         10          1          6          1          1 / 

TOPS 

60*100 /  

ENDBOX 

BOX 

1 10 1 6 1 1 / 

PERMR 

60*2000. / 

PERMTHT 

60*2000. / 

PERMZ 

60*2000. / 

PORO 
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60*1.  / 

ENDBOX 

BOX 

1 9 1 6  2 101 / 

PERMR 

5400*0.00077  / 

PERMTHT 

5400*0.00077  / 

PERMZ 

5400*0.0007  / 

PORO 

5400*0.08  / 

ENDBOX 

BOX 

10 10 1 6 2 101 / 

PERMR 

600*0.0 / 

PERMTHT 

600*0.0 / 

PERMZ 

600*0.0 / 

PORO 

600*0.0 / 
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ENDBOX 

BOX 

1 10 1 6 102 102 / 

PERMR 

60*2000. / 

PERMTHT 

60*2000. / 

PERMZ 

60*2000. / 

PORO 

60*1.  / 

ENDBOX 

-- 

PROPS   =======================================================  

PVDG 

 1  1.37  0.012 

 40   0.035  0.013 

105   0.011  0.0153 

206   0.0059  0.0187 

245   0.0047  0.02 

 305   0.0038  0.0225 

409   0.0031  0.0273  / 
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PVTW 

1 1 5.5E-05 1 0 / 

DENSITY 

         0.6 1 0.0011  / 

ROCK 

           3 5.5E-09 /                                       

SWFN 

0            0           125 

           0.1        0.0032            80 

           0.2        0.0179           55 

           0.3        0.0493         38.5 

           0.4        0.1012           30 

           0.5        0.1768           25 

           0.6        0.2789           20 

           0.7         0.41           16 

           0.8        0.5724         12.5 

           0.9        0.7684          6.5 

             1            1            0 

/ 

0            0            0 

             1            1            0 / 

SGFN 

0            0            0 
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           0.1         0.011            0 

           0.2         0.041            0 

           0.3         0.091            0 

           0.4         0.161            0 

           0.5         0.251            0 

           0.6         0.361            0 

           0.7         0.491            0 

           0.8         0.641            0 

           0.9         0.811            0 

             1            1            0 

/ 

            0            0            0 

 0.161         0.041            0 

           0.241         0.091            0 

 0.41         0.251            0 

 0.641         0.641            0 

 0.81            1           0 / 

-- 

REGIONS   

======================================================= 

BOX 

1 10 1 6 1 1 / 

FIPNUM 

60*1  / 
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SATNUM 

60*2  / 

ENDBOX 

BOX 

1 9 1 6 2 101 / 

FIPNUM 

5400*2 / 

SATNUM 

5400*1 / 

ENDBOX 

BOX 

10 10 1 6 2 101 / 

FIPNUM 

600*4  / 

SATNUM 

600*2  / 

ENDBOX 

BOX 

1 10 1 6 102 102 / 

FIPNUM 

60*3  / 

SATNUM 

60*2  / 
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ENDBOX 

-- 

SOLUTION   

======================================================= 

BOX 

1 10 1 6 1 1 / 

SWAT 

60*0.0  / 

PRES 

60*1.0  / 

ENDBOX 

BOX 

1 10 1 6 2 101 / 

SWAT 

6000*0.0 / 

PRES 

6000*1.0 / 

ENDBOX 

BOX 

1 10 1 6 102 102 / 

SWAT 

60*1.0  / 

PRES 

60*1.0  / 
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ENDBOX 

-- 

SUMMARY   

=======================================================  

RWIP 

/ 

WBHP 

 / 

SCHEDULE   

======================================================= 

RPTSCHED 

WELSPECS 

'INJ'  '1'  2  1  1*  'WATER'  1*  'STD'  'SHUT'  'NO'  1*  'SEG'  3*  'STD' // 

COMPDAT 

'INJ' 2* 102 102 'OPEN'      2*  0.01   3*   'Z'   1*  // 

WCONINJE 

'INJ' 'WATER'    'OPEN'    'RATE'    0.6    1*    210    7*   // 

TSTEP 

24* 1 /  

END 
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APPENDIX C  

SIMULATION OF A LAB IMBIBITION EXPERIMENT 

RUNSPEC   

======================================================= 

TITLE 

Imbibition Experiment Simulation- Imbibition Water Relative Permeability Curves 

START 

  1 'JAN' 2019 / 

LAB 

RADIAL 

GAS 

WATER 

DIMENS 

10 6 102 / 

REGDIMS 

3 1 0 0 / 

TABDIMS 

2 1 20 30 3 20 20 1 / 

-- 

GRID   =======================================================  

DRV 

10*0.1905  / 

DTHETAV 
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6*60.  /  

DZ 

60* 55. 6000*0.0579  60*55.  / 

INRAD 

0.0001  /  

BOX 

1 10  1 6 1 1 / 

TOPS 

60*100 /  

ENDBOX 

BOX 

1 10 1 6 1 1 / 

PERMR 

60*2000. / 

PERMTHT 

60*2000. / 

PERMZ 

60*2000. / 

PORO 

60*1.  / 

ENDBOX 

BOX 

1 10 1 6  2 101 / 
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PERMR 

60000*0.00077 / 

PERMTHT 

6000*0.00077  / 

PERMZ 

6000*0.0007  / 

PORO 

6000*0.08  / 

ENDBOX 

BOX 

1 10 1 6 102 102 / 

PERMR 

60*2000. / 

PERMTHT 

60*2000. / 

PERMZ 

60*2000. / 

PORO 

60*1.  / 

ENDBOX 

-- 

PROPS   =======================================================  

PVDG 
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1  1  0.0181 

1.051   0.951  0.01815 / 

PVTW 

1 1 5.5E-05 1.0  0.0 / 

DENSITY 

         0.6 1 0.001225 / 

ROCK 

           3 5E-09  /                                   

SWFN 

0  0  81.63 

            0.1        0.0001  68.02 

            0.2        0.0016  54.42 

            0.3        0.008  40.07 

            0.4        0.0256  30.05 

            0.5        0.0625   24.04 

           0.6        0.1296  20.03 

           0.7       0.2401  17.17 

           0.8        0.4096  15.02 

           0.9        0.6561   13.35 

             1            1.0   12.02    

/ 

0            0            0 

            1            1            0  / 
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SGFN 

0            0            0 

0.2    1.05E-014 0 

0.6    3.657E-005 0 

0.8       0.01154           0 

1            1  0 

/ 

0            0  0 

 0.241  0.091            0 

 0.41         0.251            0 

 0.721         0.811            0 

            1            1            0 / 

-- 

REGIONS    

=======================================================  

BOX 

1 10 1 6  1 1 / 

FIPNUM 

60*1  / 

SATNUM 

60*2  / 

ENDBOX 

BOX 

1 10 1 6 2 101 / 
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FIPNUM 

6000*2 / 

SATNUM 

6000*1 / 

ENDBOX 

BOX 

1 10 1 6 102 102 / 

FIPNUM 

60*3  / 

SATNUM 

60*2  / 

ENDBOX 

-- 

SOLUTION   

======================================================= 

BOX 

1 10 1 6 1 1 / 

SWAT 

60*0.0  / 

PRES 

60*1.0  / 

ENDBOX 

BOX 

1 10 1 6 2 101 / 
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SWAT 

6000*0.0 / 

PRES 

6000*1.0 / 

ENDBOX 

BOX 

1 10 1 6 102 102 / 

SWAT 

60*1.0  / 

PRES 

60*1.0  / 

ENDBOX 

-- 

SUMMARY   

=======================================================  

RWIP 

RWSAT 

-- 

SCHEDULE   

======================================================= 

TSTEP 

200*0.2 / 

END 
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APPENDIX D  

SECTOR SIMULATION OF A FRACTURED WELL 

RUNSPEC   

======================================================= 

TITLE 

Sector Modeling of a Hydraulically Fractured Well 

START 

  31 'JAN'  2018 / 

FIELD 

GAS 

WATER 

ROCKCOMP 

 'REVERS'  2  'NO' / 

LGR 

  2 60000 0  0  0 100 'NOINTERP' 0 / 

DIMENS 

  15 9 20 / 

REGDIMS 

  1 1 0 10 / 

TABDIMS 

  4 2 20 27 4 20 20 1 / 

WELLDIMS 

  2 21 2 10 / 
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GRID 

GRIDUNIT 

'FEET'  /  

CARFIN 

'LGRFRAC'         1        15         1         5         1        20       122        23        20         2 /  

ENDFIN 

DXV 

80  80  80  80  90  90  100  105  110  120  140  170  210  270  375  / 

DYV 

0.05  2  0.5  20.4  160  220  360  540  795.5  /  

DZ 

2700*10 / 

BOX 

1 15 1 9  1 1 / 

TOPS 

135*7700 /  

ENDBOX 

REFINE 

'LGRFRAC' / 

NXFIN 

8  8  8  8  9  10  10  10  11  11  12  4  4  4  5  /  

ENDFIN 

REFINE 
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'LGRFRAC'  / 

HXFIN 

105*10 4*40 4*55 5*70 3*78 80 /  

ENDFIN 

REFINE 

'LGRFRAC'  / 

NYFIN 

1 2 2 6 12 /  

ENDFIN 

REFINE 

'LGRFRAC' / 

HYFIN 

0.05 1 1 0.25 0.25 4*0.1 10*10 4*20 /  

ENDFIN 

REFINE 

'LGRFRAC'  / 

NZFIN 

20*1  / 

ENDFIN 

REFINE 

'LGRFRAC'  / 

HZFIN 

20*10  
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/ 

ENDFIN 

REFINE 

'LGRFRAC'  / 

BOX 

1 122 1 23 1 20 / 

PERMX  

56120*0.00077 / 

PERMY  

56120*0.00077 / 

PERMZ  

56120*0.00077 / 

PORO  

56120*0.08  / 

ENDBOX 

ENDFIN 

-- 

REFINE 

'LGRFRAC'   / 

BOX 

1 60 1 1  1 20 / 

PERMX  

1200*10000  / 
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PERMY  

1200*10000  / 

PERMZ  

1200*10000  / 

PORO  

1200*0.5  / 

ENDBOX 

ENDFIN 

-- 

REFINE 

'LGRFRAC' / 

BOX 

1 60 2 3 1 20 / 

PERMX  

2400*0.00069  / 

PERMY  

2400*0.00069  / 

PERMZ  

2400*0.00069  / 

PORO  

2400*0.08  / 

ENDBOX 

ENDFIN 
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-- 

PROPS   ======================================================= 

PVTW 

5000 1.03 4.1E-006 1 1* / 

PVDG 

14.7  242.9  0.0123 

          205   17.26  0.0126 

 583   5.9  0.013 

 960    3.5  0.014 

 1340  2.47  0.0149 

 1907  1.71  0.0162 

 2475  1.31  0.0174 

 2854   1.15  0.0182 

 3232  1.03  0.0191 

 3800  0.90  0.0205 

 4500  0.77  0.0224 

         5000  0.69  0.0241 

        6000  0.57  0.0273  // 

GRAVITY 

1*  1   0.7 // 

ROCKTAB 

14.7  1  1 

 500  1  1 
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         1000  1           1 

 2000  1           1 

 4000  1           1 

/ 

 14.7  1  0.5238 

 500           1      0.6307 

         1000         1      0.7408 

 2000         1      0.8891 

 4000         1           1 / 

SGWFN 

0            0              1  180 

0.07        0.001         0.77          193 

           0.14        0.008         0.57          207 

           0.21        0.027         0.41          241 

           0.28        0.064         0.28          293 

           0.35        0.125         0.18          360 

           0.42        0.216          0.1          446 

           0.49        0.343         0.05          575 

           0.56        0.512         0.02          796 

           0.63        0.729        0.005         1183 

            0.7            1            0          1837 

/ 

0.05            0           0.8            0 
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        0.10625         0.05  0.75          0.9063 

         0.1625          0.1        0.7            1.813 

        0.21875         0.15      0.65          2.719 

          0.275          0.2        0.6            3.625 

        0.33125         0.25      0.55          4.531 

         0.3875          0.3        0.5            5.438 

        0.44375         0.35      0.45          6.344 

            0.5          0.4        0.4            7.25 

       0.55625         0.45      0.35          8.156 

         0.6125          0.5        0.3            9.063 

        0.66875         0.55      0.25          9.969 

          0.725          0.6        0.2           10.88 

        0.78125         0.65      0.15         11.78 

         0.8375          0.7        0.1           12.69 

        0.89375         0.75         0.05      13.59 

           0.95          0.8            0           14.5 

/ 

0            0            1          180 

          0.07        0.0001       0.5314          180 

          0.14        0.0016       0.2621          200 

          0.21        0.0081       0.1176          241 

          0.28        0.0256       0.0467          297 

          0.35        0.0625       0.0156          359 
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          0.42        0.1296       0.0041          443 

          0.49        0.2401       0.0007          575 

          0.56        0.4096     6.4E-005         798 

          0.63        0.6561       1E-006         1181 

           0.7            1            0        1 837 

/ 

0            0            1           180 

          0.07        0.0001         0.59          180 

          0.14        0.0016        0.328          200 

          0.21        0.0081        0.168        240.6 

          0.28        0.0256        0.078        296.7 

          0.35        0.0625        0.031        358.5 

          0.42        0.1296         0.01        442.9 

          0.49        0.2401        0.002        575.4 

          0.56        0.4096     0.00032          798 

          0.63        0.6561       1E-005       1180.8 

           0.7            1            0          1837 

/ 

-- 

REGIONS   

======================================================= 

BOX 

1 15 1 9 1 20 / 

FIPNUM 



Texas Tech University, Aymen Al-Ameri, August 2019 
 

 
 

185 

1  / 

ENDBOX 

BOX 

1 7 1 1 1 20 / 

FIPNUM 

2  / 

ENDBOX 

BOX 

1 7 2  2 1 20 / 

FIPNUM 

3  / 

ENDBOX 

REFINE 

'LGRFRAC'  / 

BOX 

1 122 1 23 1 20 / 

SATNUM 

1  / 

ENDBOX 

ENDFIN 

REFINE 

'LGRFRAC'  / 

BOX 
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1 60 1 1 1 20 / 

SATNUM 

2   / 

ENDBOX 

ENDFIN 

REFINE 

'LGRFRAC'   / 

BOX 

1 60 2 2 1 20 / 

SATNUM 

3   / 

ENDBOX 

ENDFIN 

REFINE 

'LGRFRAC' / 

BOX 

1 60 3 3 1 20 / 

SATNUM 

4  / 

ENDBOX 

ENDFIN 

-- 

SOLUTION   

======================================================= 
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BOX 

1 15 1 9 1 20 / 

PRESSURE 

5000  / 

ENDBOX 

BOX 

1 15 1 9 1 20 / 

SWAT 

0.3  / 

ENDBOX 

REFINE 

'LGRFRAC'  / 

BOX 

1 60 1 1 1 20 / 

SWAT 

0.81  / 

ENDBOX 

REFINE 

'LGRFRAC'  / 

BOX 

1 60 2 3 1 20 / 

SWAT 

0.56  / 
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ENDBOX 

-- 

SCHEDULE   

======================================================= 

WELSPECL 

'WELL' 1*  'LGRFRAC'  1  1  1*  'GAS'  9*   'STD' / 

 / 

COMPDATL 

'WELL'  'LGRFRAC'  1  1  1 20  'OPEN'  2*  0.05  3*   'Z'  1* / 

 / 

WCONINJE 

'WELL'  'WATER'  'OPEN'  'BHP'  1*  1*  8000   7* / 

 / 

TSTEP 

25* 0.01 /  

WCONINJE 

'WELL'  'WATER'  'STOP'  'RATE'  0  1*  5000  7* / 

 / 

TSTEP 

29* 1 /  

WELSPECL 

'WELL1'  1*  'LGRFRAC'  1  1  1*  'GAS' 9*  'STD' / 

 / 

COMPDATL 
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'WELL1'  'LGRFRAC'  1  1  1  20  'OPEN'  2*  0.05  10  2*  'Z'  1* / 

 / 

WCONPROD 

'WELL1'  'OPEN'  'BHP'  5*  1000  3*  6*  1* / 

 / 

DATES 

1 'APR' 2018 / 

/ 

DATES 

1 'DEC' 2031 / 

/ 

END 


